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Abstract

Waterflood-assisted oil recovery with sulfate-spiked seawater would cause incompatibility scaling in carbonate reservoirs and
reduce economic benefits. This research investigated the benefits of polyphosphate compounds in reducing scaling potential
as well as its effect on oil recovery when mixed in high sulfate flood water. Severity of scaling potential of sulfate-spiked
water in a carbonate reservoir environment was measured, followed by systematic screening of a polyphosphate compound,
which successfully inhibited the sulfate scale precipitation at concentration as low as 100 ppm. The new formulation (sea-
water with four times sulfate and phosphate, SW4SP) was evaluated and compared with benchmark formulation (modified
seawater with four times sulfate, SW4S). Contact angle, {-potential and drainage studies show that SW4SP changed the rock
wettability from oil wet to water wet to a larger degree compared to SW4S. Improved recovery efficiency of SW4SP was
confirmed through a set of core flooding studies in the tertiary and quaternary flood modes. Whereas SW4S recovered 7.7%
of original oil in place (OOIP), SW4SP recovered about 8% of OOIP in the tertiary mode under approximately identical flow
conditions. Flooding with SW4SP in the quaternary mode following a tertiary flood with SW4S on the same core resulted
in 1.7% additional oil recovery, showing improved efficiency of the new flood water formulation.

Keywords Incompatibility scaling - Sodium trimetaphosphate (SHMP) - Smart waterflood - Scale inhibitor - Water
compatibility - Enhanced oil recovery

1 Introduction

Numerous laboratory studies and a few field pilots have
shown that both low-salinity waterflooding (LSWF) and
ion-modified waterflooding (MWF) could be potential and
economic EOR solutions comparable to other chemical
EOR techniques (Rotondi et al. 2014; Winoto et al. 2014;
AlQuraishi et al. 2015; Jackson et al. 2016; Afekare and
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Radonjic 2017). The fundamental difference between LSWF
and MWF is that in LSWF, the salinity and total dissolved
solids (TDS) of the injected water are lowered by dilut-
ing with seawater or freshwater (Nasralla and Nasr-El-Din
2011; Shaker and Skauge 2012). On the other hand, modi-
fied waterflooding refers to the appropriate optimization of
ionic composition of injection water to achieve the favorable
attributes of the rock—oil-brine (ROB) system and improve
the microscopic displacement efficiency. The base water in
modified water could be the seawater or produced water or
water from other economically available sources. Most labo-
ratory studies have reported that oil recovery was improved
using modified water, especially by spiking SO,*~ ions.
Divalent cations such as Mg?* and Ca®* are also found to
have a positive impact on oil recovery either individually or
in combination with higher SO,?~ concentration (Fathi et al.
2012; Zahid et al. 2012; Awolayo et al. 2014). Mohsenzadeh
et al. (2016), however, reported an additional oil recovery of
33% through core flooding experiments when the injection
water salinity was nearly equivalent to distilled water and
no additional bivalent ions were added, thus favoring LSWF
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over MWF. Recent work of Kholood et al. (2018) also
favored LSWF over MWEF stating that wettability alteration
of oil-wet calcite surfaces is more prominent with LSWF
compared to high-salinity brines. They also found that the
modified brine is effective when Ca** ions are substituted
by Mg?* ions and sulfate ions play a catalytic role in wet-
tability alteration in oil-wet calcite plates. The mechanism is
attributed to substitution and MgCO; mineral precipitation.
However, the observations were not authenticated through
core flooding experiments. Similar observations were earlier
reported by Lashkarbolooki et al. (2017). Interestingly, they
also observed that among the chloride containing salts, the
monovalent cations performed better in terms of the wetta-
bility alteration of oil-wet carbonate rock surfaces compared
to the divalent cations. The order of performance reported
is KC1>DW > NaCl > MgCl, > CaCl,. Jackson et al. (2016)
published a comprehensive review and concluded that low-
salinity effect is factual but the required conditions for
improving oil recovery are not clear and it may require tun-
ing the composition of the injection water rather than just
diluting and injecting low-salinity water.

To understand the underlying mechanisms responsible
for improved displacement efficiency of LSWF or MWF,
numerous studies have been conducted by adding or remov-
ing various cations and anions in brines. In this direction,
the work of Zhang et al. (2006) is one of the earlier ones, in
which they observed synergetic effects between SO42_ and
Ca’* ions and SO,*~ and Mg** ions in assisting oil recovery
from chalk. Improved results were found when both Ca®*
and Mg** ions are present along with SO,>~ ions. Mohanty
and Chandrasekhar (2013) reported that modified seawater
containing Mg>* and SO,>~ can potentially change aged oil-
wet calcite plates to more water-wet conditions. Awolayo
et al. (2014, 2016) suggested that ion-modified brine with
four times SO,%~ in seawater is the optimum which may
result in an additional recovery of 9% in carbonate rocks.
Awolayo et al. (2018) also suggested that, for improving
oil recovery in carbonates by modified water, not only the
injected water should be rich in the potential determining
ions (PDIs), but also the target reservoir should have miner-
als that have PDI sources.

As far as the underling chemistry and mechanisms are
concerned, most authors cited above attributed the change
in wettability toward favorable water wetness as the main
factor behind release of trapped oil. A detailed review of
low-salinity effect on carbonate rocks conducted by Al-
Shalabi and Sepehrnoori (2016) supported this view. Statis-
tical analysis of different proposed mechanisms conducted
by Sohal et al. (2016) and Afekare and Radonjic (2017)
also suggested favorable wettability alteration as the main
underlying factor associated with LSWF/MWF successes.
It is worth mentioning here that whereas wettability altera-
tion is just the consequence of oil recovery process, the real
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mechanism could be a combination of different underlying
processes whose net outcome is the visible change in wet-
tability (Purswani et al. 2017). Lashkarbolooki et al. (2016)
and Myint and Firoozabadi (2015) conducted extensive
reviews of the probable mechanisms of action regarding to
the wettability alteration and came to the conclusion that
expansion of electric double layer, multicomponent ionic
exchange, salt-in effect and dissolution of calcite miner-
als are possible mechanisms responsible for the wettability
alteration of oil-wet carbonate rocks.

Some authors also stressed on the importance of lower-
ing interfacial tension (IFT) by LSW/MW as a major factor.
Manshad et al. (2016) found that the presence of K,SO,
salt significantly reduced oil-water interfacial tension
(IFT), which was attributed to the additional oil recovery.
This claim is somewhat contradictory to the detailed study
of Ayirala et al. (2018), in which the impact of sulfate and
other ions on oil-water interface was analyzed through IFT,
interfacial pressure, viscous and elastic moduli, oil droplet
crumpling and coalescence behavior and also interfacial
film rigidity. The results showed that a reduction in IFT is
low and has an insignificant effect on enhanced oil recovery.
They also proved that sulfate ions have a measurable impact
on the interface only when it is present along with magne-
sium and calcium ions. Validity of these statements could
be found from the extensive studies of the optimization of
salt type and concentration conducted by Lashkarbolooki
and Ayatollahi (2018a, b), through the calculation of surface
free energies (adhesion, cohesion and spreading coefficient)
from the measured IFT and contact angle values. Among
others, the most relevant information drawn from these stud-
ies is: (1) There is a direct correlation between change in
contact angle and spreading coefficient; (2) improvement in
spreading performance occurred with the reduction in brine
salinity and (3) although the dilution of seawater unfavorably
changed the IFT, it could favorably change the spreading
coefficient and the contact angle. Through this study, they
also explained the reasons for higher affinity of SO,>~ toward
the carbonate surface compared to C17, thus establishing the
higher potential of SO,*~ as wettability modifier.

The connate water in carbonate reservoirs is usually high
in pH, is saturated with Ca®* and has a significant amount of
Sr**, Ba®* (the potential scale-forming ions). As evidenced
from various laboratory results, to achieve the benefits of
MWEF, the injection water needs to be spiked with multiva-
lent ions, such as SO,>~, Ca’* or Mg?*, the PDIs. Among
these PDIs, it is categorically established that SO,>~ is one
of the essentials for MWF composition. However, it is also
well established that the presence of higher concentration
of SO,>~ ions could invite incompatibility scaling problems
(Paulo et al. 2001), resulting in reservoir pore blocking and
tubing flow restrictions. Formation water in carbonate reser-
voirs being rich in divalent cations (Ca**, Ba>* and Sr**) and
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incorporation of higher level of SO,*~ in injection water may
lead to the precipitation and deposition of BaSO,, SrSO,
and/or CaSO, scales which are extremely difficult to dissolve
or remove. Sulfate scaling problems could be even more
serious when the downhole temperature is high, as the rate
of sulfate scale precipitation increases at elevated tempera-
tures (Yuan 2002; Badr and Azam 2008). In the long run, the
resulting phenomena could be pore plugging in the forma-
tion near the wellbore, partial or total blocking of production
tubing, pressure rise in injection wells, etc. (Andersen et al.
2000; Graham et al. 2001), resulting in overall reduced field
productivity, thus losing the economic benefits of MWF.

The work described here is an endeavor toward develop-
ing a modified seawater formulation for a high-temperature
(120 °C) giant offshore carbonate field in the Middle-East
region. The objective is to fulfill the requirement of an effi-
cient MWF, which does not pose the challenge of incompat-
ibility scaling issues at the bottom hole conditions. In this
work, we evaluated certain orthophosphates and condensed
polyphosphates in combating sulfate scaling issues in MWF,
at the same time to evaluate their impacts on the efficiency
of MWF in improved oil recovery.

Orthophosphate and polyphosphate are traditionally used
in water treatment for mineral removal, scale control and
corrosion control. Orthophosphates as scale inhibitors are
mostly used for low-temperature application up to 80 °C as
there is a possibility of hydrolysis which results in loss of
effectiveness. Polyphosphate scale inhibitors, however, have
better thermal stability (O’Neil 2013). The rationale behind
selecting phosphate-based compounds is briefly described
as follows (http://www.phosphatesfacts.org):

1. Strong chelating ability with Ca>*, Ba** and Sr** ions.
Inhibit scale formation by suppressing both nucleation
and crystal growth.

3. Works at threshold concentration.

Applicable for both carbonate and sulfate scales.

5. Ba and Sr sulfate scale inhibition requires higher pH
(>5.5) which is prevalent in a typical carbonate reser-
VOIr.

6. Threshold-level polyphosphates deflocculate suspended
scales through reduction in surface adhesion properties,
thus helping in the removal of existing scale deposits if
any.

»

Unfortunately, very little research effort is dedicated
on the application of phosphate as an ingredient of MWF,
though its poly-anionic nature could be expected to have
higher impact compared to divalent sulfate ions. The infor-
mation available on injection water modified with the addi-
tion of phosphate ions is meager. The pioneering work of
Gupta et al. (2011) reported above 20% additional oil recov-
ery in limestone cores. From several core flooding studies,

they demonstrated that whereas seawater with added MgCl,
and borate (without SO42_) resulted in 5.1% and 15.6% addi-
tional oil recovery, addition of phosphate recovered 21.3%
additional oil. However, no information about the type of
the phosphate compound or its concentration is documented.
In a subsequent publication, the group reported the issue
of Ca phosphate precipitation at concentrations of 250 ppm
and above when trisodium phosphate was added to seawater
(Loan 2012). More recently, Meng et al. (2015) reported
higher oil recovery potential when phosphate ions were pre-
sent along with sulfate ions. They also claimed that with
increasing the phosphate concentration, the IFT was further
lowered and the contact angle shifted more toward water-wet
conditions. Once again, no information is revealed about the
type of phosphate compounds and their compatibility with
the water. It must be borne in mind that phosphate precipita-
tion is a high possibility when the brine contains divalent
cations. One must be extremely cautious about the selection
of phosphate compound type and its threshold concentration
to avoid precipitation, which was our prime focus to begin
with the project.

From the above discussion, it is evident that substantial
opportunity exists either to establish or to negate the useful-
ness of phosphate compounds as an ingredient of MWF with
respect to scale mitigation and EOR. With these objectives,
a MW composition is developed and tested at up to 120 °C.
A carefully selected polyphosphate compound is introduced
into the SO,>~-spiked water, which not only arrests the scale
precipitation, but also enhances oil recovery potential.

2 Experimental
2.1 Experimental materials
2.1.1 Crude oil

Oil used in this study was from a Middle Eastern carbon-
ate reservoir. The oil sample was degassed, centrifuged at
3000 rpm to remove suspended particles and finally filtered
with a 0.45-micron filter before use. The physical and chemi-
cal properties of the crude oil are presented in Table 1.

2.1.2 Brines

Synthetic seawater and formation water were prepared based
on the compositional data received from the field laboratory.
Seawater was used as the base water or diluted as required.
Synthetic formation water was used for core saturation, for
contact angle measurement and also for compatibility tests.
The screening and final selection of the composition of the
modified brines were in accordance with the suggestions
given by predecessors (Zhang et al. 2007; Fathi et al. 2012;
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Table 1 Properties of the crude oil at surface conditions

API gravity Viscosity, cP Total acid number, mg KOH/g

oil oil

Total basic number , mg KOH/g

SARA analysis, %

Saturates Aromatics Resins Asphaltenes

40.6 4.28 0.28 0.076

61.75 33.36 357 131

Awolayo et al. 2014). Accordingly, seven different brines
were prepared. For convenience, formation water is termed
as “FW” and seawater as “SW.” The modified seawaters
were termed as, e.g., “0.1SW4S,” meaning ten times diluted
seawater with four times the usual sulfate ion found in SW.
Table 2 shows the ionic compositions and the total dissolved
solids (TDS) of the brines used. All the brines were prepared
using laboratory-grade chemicals and deionized water.

2.1.3 Core plugs and trims

Core plugs and trims used in this study were cut from a sin-
gle core block of about 2 ft long. After extracting, the plugs
were subjected to porosity and permeability measurements.
The final selection of plugs and trims was based on close-
ness of these parameters. All the trims used in contact angle
measurements were cut from a single piece of core plug to
minimize experimental uncertainties.

The plugs and trims were subjected to a two-stage clean-
ing process using Soxhlet extractors and various solvents.
In the first stage of cleaning, toluene was used to remove
organic materials present in the pores. The extraction was
continued till the effluent was visibly clear. The cores were
then removed, dried in an oven and placed in the second unit
having methanol as solvent, to extract the inorganic salts.
The effluent was titrated with silver nitrate intermittently to
ensure complete removal of salts. Plugs and trims were dried
in a hot air oven, and a routine core analysis was performed

on the whole plug. Wettability restoration of the plugs and
trims was performed by saturating the samples with forma-
tion brine in vacuum for 48 h and subsequently aging for
30 days in crude oil in a pressure cylinder at 120 °C. Two
sets of core plugs and a set of trims of very similar petro-
physical properties were chosen for core flooding experi-
ments, drainage test and contact angle measurements. Core
plugs of larger length were used for core flooding recov-
ery studies, and the relatively smaller ones were used for
drainage studies; details of the core plugs used are given in
Table 3.

Core plugs were examined by X-ray powder diffraction in
both whole-rock and clay-sized powders. Calcite (94.6%),
dolomite (4.3%) with minor clay (0.7%) and halite (0.2%)
were detected in mixed samples.

2.1.4 Phosphate compounds

A phosphate is a salt of phosphoric acid (H;PO,) which
forms polyatomic phosphate ions through the release of
one or more hydrogen atoms in basic aqueous solutions. A
variety of salts of sodium (Na™) and phosphate (PO43_) are
formed as mono- or polyphosphates as condensed anions
including di-, tri-, tetra- and even higher phosphates (see
Fig. 1).

The diphosphates are also called pyrophosphates and
the cyclic polyphosphates are called metaphosphates which
include sodium trimetaphosphate (STMP) and higher

Table 2 Calculated ionic compositions of ion-engineered brines (approximate value)

Brine Ion composition, mol/L Tonic strength, pH
Na* Ca?* Mg cr- 50,2 PO, mol/L

SW 0.495 0.012 0.068 0.585 0.034 0.000 0.768 7.23
FW 1.825 0.256 0.079 2.494 0.005 0.000 2.858 6.40
SW2s 0.561 0.012 0.068 0.585 0.067 0.000 0.867 7.14
SW4S 0.697 0.012 0.068 0.585 0.134 0.000 1.069 6.96
SW6S 0.817 0.012 0.068 0.585 0.202 0.000 1.262 6.90
0.1SW 0.050 0.001 0.007 0.059 0.003 0.000 0.077 6.96
0.1SW2S 0.179 0.001 0.007 0.059 0.067 0.000 0.269 6.67
0.1SW4S 0.307 0.001 0.007 0.059 0.134 0.000 0.466 6.42
0.1SW6S 0.440 0.001 0.007 0.059 0.200 0.000 0.666 6.05
SW4SPp 0.697 0.012 0.068 0.585 0.134 0.001 1.074 5.34
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Table 3 Properties of the core plugs used for spontaneous drainage test and core flooding studies

Core No. Length, mm Diameter, mm Pore volume, cm? Porosity, % Gas permeabil- Usage
ity K,;,, mD
1D 45.98 37.6 13.78 26.43 19.0 Spontaneous drainage with SW4SP
2C 35.85 37.7 10.81 26.49 22.0 Spontaneous drainage with SW4S
1A 33.00 379 8.84 23.63 19.0 Spontaneous drainage with FW
2D 47.78 37.8 10.22 18.79 17.5 Spontaneous drainage with SW
2A 40.80 37.6 10.18 21.90 18.0 Spontaneous drainage with 4% KCl
1C 73.58 37.6 22.78 27.90 25.6 Core flooded with SW4S
3A 71.39 37.7 22.46 28.20 26.8 Core flooded with SW4SP
2B 76.20 37.6 23.09 27.30 24.7 Core flooded with SW4S and SW4SP
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monobasic P ” V0!
(Monosodium HO” \~O" Na* P O=P P=0
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(tﬁgﬂga:;hd;?g)" NN NS also as a clay dispersing agent (Andreola et al. 2004). Supe-
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phosphate) Na*"Og .o, .00 Na 2.2 Experimental methods
A\ 72 R +
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Fig. 1 Chemical structures of common phosphate compounds

polyphosphates (Schrodter et al. 2008). STMP and higher
metaphosphates are used in water treatment as chelating
agents. Because of their poly-anionic character, they can
chelate with Ca** and other bi- and trivalent ions replacing

2.2.1 Brine compatibility evaluation

ScaleChem-3 scale prediction simulator was used to study
the compatibility between formation water and differ-
ent injection waters at experimental (90 °C) and reservoir
(120 °C) temperatures. The simulations predicted salt pre-
cipitation potential at various mixing ratios of formation to
injection waters.
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Table 4 Compatibility study of formation brine with phosphates

Chemicals Tempera- Inhibitor
dose, ppm  ture, °C - . . . - - - -
Monosodium Disodium  Trisodium  Disodium Tetrasodium  Pentasodium  Sodium Sodium hex-
phosphate phosphate  phosphate  diphosphate diphosphate  triphosphate  trimetaphos-  ametaphos-
phate phate
100 25 Y Y Y Y Y Y Y N
95 Y Y Y Y Y Y Y N
200 25 Y Y Y Y Y C C N
95 Y Y Y Y Y C Y N
300 25 Y Y Y Y Y C Y N
95 Y Y Y Y Y Y Y N
400 25 Y Y Y Y C Y N N
95 Y Y Y Y Y Y N N
500 25 Y Y Y Y C Y N N
95 Y Y Y Y Y Y N N

Y—precipitation observed; N—no precipitation observed; C—cloudy

To verify the prediction in simulated conditions and to
quantify the extent and rapidity of deposition, differential
scale loop (DSL) tests were conducted following NACE
guidelines (NACE 2005-24225) at 90 °C. Formation water
(brine-1, the cationic solution) and injection brines (brine-
2, as the anionic solution) were pumped through preheated
coils at a rate of 1 mL/min each and then through a capillary
test loop (I mXx 1 mm) upon immediate commingling of
the two fractions. Scale formation and build-up rates were
analyzed from the differential pressure behavior across the
test loop. Scale inhibiting chemicals in precise quantities
were pumped through a third pump into the loop as per the
test deign.

2.2.2 Contact angle measurement

Static contact angles were measured on core trims (approxi-
mately 25 mm thick). The trims were polished using a fine
grade of sandpaper to minimize the hysteresis effect due to
surface roughness. Prior to the tests, the trims were aged in
formation water for 24 h, followed by being aged in oil at
120 °C for 4 weeks in a pressure cylinder. The plates were
then immersed in preheated test brines (at 90 °C) in a jar,
and an oil drop was placed before sealing the jars. The oil
drops were subjected to periodic observation, image captur-
ing and analysis by measuring the angle between the base-
line and the droplet’s tangent. Figure 3 displays a sample of
the images of oil-rock-brine contact angle.

2.2.3 Spontaneous drainage test
Though spontaneous imbibition is traditionally recognized

as an empirical method for characterizing reservoir wettabil-
ity, a spontaneous drainage process (brine replaced by oil) is
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preferred here because of the fact that these reservoir cores
are oil wet in nature. The spontaneous drainage tests were
conducted at 90 °C using Amott cells. The brine-saturated
core plugs were placed in the cells, filled with oil and placed
in a hot air oven. The amount of brine expelled from the
cores (spontaneously) was measured periodically. A higher
rate and quantity of expelled brine would be indicative of
higher oil wettability and vice versa.

2.2.4 {-potential measurement

A zeta PALS instrument (Brookhaven Instruments, PALS:
phase analysis light scattering) was used to measure
{-potential of rock-brine and rock-brine—oil systems. The
instrument measures the electrophoretic mobility of charged
colloidal suspensions. Core pieces were pulverized, sieved
(5-10 pm) and aged in oil for 1 week at reservoir tempera-
ture. Oil-coated core powders were thoroughly mixed in the
test brine, and the {-potential was measured while stirring.
This set represented a rock—oil-brine (R-O-B) system.
A second set of measurements were taken involving bare
rock powders suspended in brine, representing a rock—brine
(R-B) system. Five measurements were taken for each set of
samples, and the average values were considered.

2.2.5 NMR porosity studies

An NMR Rock Core Analyzer (Magritek) was used to meas-
ure the pore size distribution (PSD) and cumulative porosity
of the core plugs. The measurements were taken before and
after core flooding experiments in order to investigate the
change in pore structures. In both cases, the core plugs were
cleaned of any oil and soluble salts and fully saturated with
formation water prior to NMR studies.
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180°at0h

P 4

139°at10 h

Fig.3 Process of alteration of contact angle with time

2.2.6 Core flooding experiments

Temco CFS-830-10000-HC core flooding apparatus was
used to evaluate the oil recovery efficiency of brines. Sea-
water was used as standard secondary recovery fluid, and
two ion-modified brines (SW4S and SW4SP, the most potent
brine established through previous studies) were used as the
tertiary injection fluids.

Oil-saturated core plugs with known initial saturation
were installed in the core holder and stabilized at desired
temperature and confinement pressure. Seawater was
injected (in the secondary recovery mode) at a flow rate
of 0.1 mL/min till there was no further oil production. The
flow rate was later increased to 0.5 mL/min as a practice of
bump flooding to overcome capillary end effects. Differen-
tial pressure across the core was continuously measured in
this process. However, the pressure readings were found to
be fluctuating and erratic, which was later found to be due
to faulty pressure transducers and the associated electronic
circuits. (A sample core flood pressure—permeability plot is
shown in Fig. 4.) The oil displacement efficiency and resid-
ual oil saturation, S, were calculated with utmost preces-
sions by measuring the weight and volume of the effluents
using precession balance and micro-burettes, respectively.
After reaching S, (secondary), the tertiary flood was con-
ducted at the same flow rate (0.1 mL/min) for 2 or more pore

143°at3 h

132°at24 h

140°at5h

124° at45h

volumes of injection fluids till no further oil was produced.
The flow rate was later increased to 0.5 mL/min (five times)
as a practice of bump flooding; however, upon increasing the
flow rate no perceivable additional oil was recovered. The
third core flooding was conducted in the following sequence.
Seawater was injected in the secondary mode, SW4S brine
was injected in the tertiary recovery mode, and finally,
SWA4SP was injected in the quaternary recovery mode. This
sequence was designed in order to ascertain the real impact
of SHMP over and above SW4S flood recovery. During the
changeover between two flood brines, extra precautions were
taken to measure the produced oil volume by using a funnel
fitted micro-burette having 0.01 mL graduation, ensuring
error limit not exceeding 5%.

3 Results and discussion
3.1 Brine compatibility

In waterflood designing, one of the necessary components
for consideration is the compatibility between injection
water and formation water. This can be predicted reason-
ably well through laboratory testing and through computer
simulation. In the present study, we studied water incom-
patibility through computer simulation at 120 °C (reservoir
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40

35 1

Differential pressure, psig

32
—@— Differential pressure

—@— Brine permeability

28

Permeability to brine, mD

Injection volume, PV

Fig.4 Changes in differential pressure and permeability in core flooding test

temperature) and 90 °C (experimental temperature). The
scaling tendency (ST) was calculated and is plotted in Fig. 5.

Figure 5 indicates that the scaling tendency (ST)
increased with an increase in SO,*~ concentration, increas-
ing from 2000 to 12,000 mg/L when the SO,>~ concentration
in injection water increased from 0.034 to 0.202 mol/L. For
the mixing of formation and seawater (Fig. 5a), the ST at
90 °C was about 3% less than that at 120 °C. No significant
difference in ST was observed when the TDS of the base
water was reduced to one-tenth through dilution with deion-
ized water (Fig. 5b). Thus, it can be concluded that the ST
is mainly dependent on the concentration of SO,>~ in injec-
tion water and less on the TDS. It can also be noticed that
the undiluted seawater has a minor self-scaling tendency
too. (ST is above zero at 100% seawater.) Maximum solid
precipitation potential is shifted toward the right when the
S0,%~ concentration increases, suggesting that the scaling
problem will not only be aggravated with higher SO,*~ con-
centration in the displacing water but also will manifest
for a longer duration compared to injection water of lower
S0O,?” concentration.

Based on the above observations, further compatibility
tests were performed in DSL to investigate the kinetics of
scale formation in dynamic conditions. In these experiments,
formation water and injection water with different ratios
were injected into the test loop separately and the differen-
tial pressure across the loop was plotted against time. An
early rise of differential pressure indicated faster scale depo-
sition and higher level of incompatibility between the two
brines. Figure 6a—c shows the differential pressure across the
loop when injection waters were SW2S, SW4S and SW6S,
respectively.
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Figure 6d represents the time at which the scales start to
build up in the loop. It is evident from Fig. 6a—c that scaling
may start at a very early stage of water injection at the flood
water front. Whereas for SW2S brine scales were formed
after about 90 min, for SW4S and SW6S brines scales began
to appear after 13 and 8 min, respectively. Figure 6d clearly
shows that the scale build-up time can be correlated with the
SO,*~ concentration in the brine. These findings were the
basis and motivation for the rest of the study.

3.2 Inhibitor screening and optimization

As discussed earlier, polyphosphates are known to have
sequestrant properties and phosphate ions are reported to
have enhanced oil recovery potential too (Gupta et al. 2011).
However, the type of phosphate compounds which can serve
both the purposes is not being studied in detail. Phosphates
are known to exist as a variety of complex molecules start-
ing from monophosphate (e.g., trisodium phosphate) to
polyphosphates (having hundreds of PO, groups in a sin-
gle molecule). This research was restricted from mono- to
hexametaphosphate, the molecular structures of which are
shown in Fig. 1.

Initial screening and dose optimization were conducted
through static jar tests using a 50:50 mixture of FW and
SW4S brine mixed with one of the phosphates (dosed from
100 to 500 ppm at an increment of 100 ppm). Samples were
prepared in duplicates and incubated at 25 and 95 °C for
24 h. The results are presented in Table 4. The tests ruled out
usefulness of lower phosphates and indicated that only tri-
and hexametaphosphates have the ability to inhibit sulfate
scaling. However, it is evident from Table 4 that the dose
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Fig. 5 Potential for scale precipitation due to mixing of formation water with a seawater (SW) and b ten times diluted seawater (0.1SW) at reser-

voir (left) and experimental (right) temperatures

requirement for trimetaphosphate would be much higher
than for hexametaphosphate. Thus, sodium hexametaphos-
phate (SHMP) was selected for the subsequent studies.
Based on the positive results shown in static tests,
dynamic compatibility tests were conducted with 250, 125,
100, 75, 50 and 25 ppm of SHMP dosing in SW4S brine.
Figure 7 shows that the differential pressure across the flow
loop started to increase when the SHMP dosing fell below
the 100 ppm level. Thus, establishing the minimum inhibi-
tor concentration (MIC) required to suppress the scaling
tendency is about 100 ppm. Hence, for all further studies,
100 ppm SHMP is considered for mixing with the smart
brines, and its impact on the rock—fluid parameters and oil
recovery are studied. This new brine is denoted as SW4SP.

3.3 Static contact angle

The changes in contact angle for all the brine—oil-rock sys-
tems against contact time are presented in Fig. 8, and the
changes in contact angle (A8) achieved by different brines
are given in Table 5.

Figure 8 depicts the change in contact angle with
time when the oil-aged core trims were exposed to dif-
ferent brines. For most brines, the contact angle ceased
to change at or before 45 h. No further change in con-
tact angle was observed after further exposure. Table 5
shows that a maximum change in contact angle (77°)
was achieved with SW4S which is the maximum change
seen among all the sulfate brines tested. Thus, the opti-
mum sulfate ion concentration considered for this study
was 0.134 mol/L or nearly four times that of the sulfate
concentration in seawater. These results are in agree-
ment with the wettability and core flood recovery results
reported by Strand et al. (2006), Zhang et al. (2007) and
Awolayo et al. (2016). It is also evident from the above
figure and table that the A@ value of 100 ppm SHMP-
mixed brine (SW4SP) is 97°, which is higher than that of
SW4S brine, indicating a positive impact of SHMP on the
SW4S brine in altering carbonate rock wettability toward
water wetness.

@ Springer
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Fig.7 The red line shows differential pressure across the scale loop
and the blue line shows the concentration of SHMP in the injection
water for a given flow duration

3.4 (-potential

C-potential results of various rock-brine (RB) and
rock—oil-brine (ROB) systems are shown graphically in
Fig. 9.
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It could be seen that the all the rock—brine systems
showed positive {-potential values whereas for the
rock—oil-brine systems the {-potential values changed
from a high negative value of —32 mV (for deionized
water, out of scale in Fig. 9) to positive values (2.42,
3.15 mV) for SW4S and SW4SP brines compared to other
brines with or without phosphate ions.
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Table 5 Maximum contact angle changes after subjecting to various brines

Brine Sw4S SW4Sp SW2S SW6S 0.1SW 0.1SW4S SwW
A0, degree 77 97 63 48 50 66 56
15 concluded a similar effect due to the addition of Na,SO,
to brine. In addition, it can also be seen that the addition
10 8.07 . . .
> 5.82 637 T o7 m F)f phosphate to SW4$ brine has a thle more impact on
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0 (2012) and Jackson et al. (2016). When the mineral sur-
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_15 eral-brine interface was found to be positive. As the sample
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Fig.9 Comparison of {-potential between brine-rock and crude—
brine-rock samples

The stability of water film between the oil and rock inter-
faces determines the rock wettability, which in turn is con-
trolled by the charges at oil-brine and rock-brine interfaces.
If the water film is thick, the stable water wetness on the
rock surface prevails. It is easy to change the rock wettabil-
ity toward oil-wet state if the water film is thin and unstable
(Sheng 2013). Thus, the rock wettability depends on the sign
and magnitude of the electrical charges at the two interfaces
which govern the attractive or repulsive forces within the
interface.

Carbonate rock surfaces are known to have excess posi-
tive charges; thus, when the carbonate particles are aged
in oil, the negative sites of the polar oil molecules will
tend to attach on the rock surfaces and yield a net negative
{-potential. As seen from the study, the oil-deionized water
system yielded a high negative {-potential value (=32 mV),
whereas in the absence of oil the {-potential is positive or
close to neutral (0.36 mV). Thus, it can be safely assumed
that the rock has an affinity toward oil wetness (which is also
evidenced through contact angle measurements). As the oil
is expelled, brine would start to occupy the space and the
{-potential would tend to become more positive as seen for
the rock-brine systems. Figure 9 indicates that the diluted
low-salinity brines have lesser ability to convert the oil-aged
particles to water wet compared to the SW4S and SW4SP
brines. It is interesting to see that the SW4S and SW4SP
have raised {-potential of the rock—oil-brine systems to a
larger extent compared to other brines. This is somewhat
in agreement with the findings of Song et al. (2017) who

was converted to increasingly oil wet, the {-potential became
increasingly more negative. In our cases, the objective of
{-potential measurement is to see how close the {-potential
of oil-wet rock particles approaches toward the brine-wet
rock, which could be an indication of release of stuck oil
and help us determine the relative potential of the modified
brine. It must be mentioned, however, that we used these
values as indication only and used to ascertain the relative
efficiency of the modified brines used for the study.

3.5 Spontaneous drainage

Spontaneous drainage experiments were conducted on core
plugs as given in Table 3, using five different modified sea-
waters. The objective was to evaluate the impact of brine
chemistry on imbibing oil into brine-saturated core plugs
and the resulting drainage of brine. Higher spontaneous
imbibition of oil would take place if the rock surface has a
higher affinity toward oil and vice versa.

The selected core plugs were saturated with different
brines (DIW, SW, FW, SW4S and SW4SP) for 24 h. Spon-
taneous drainage volume of brine was measured at 90 °C at
regular interval till no further brine was expelled out of the
core (observed for 8 days). The drainage volume (in per-
centage) against time (in days) is plotted (Fig. 10), which
shows that except for FW, the spontaneous drainage of brine
stopped after 6 days for all other brines.

The experimental data suggest that among all the five
brines investigated, the SW4SP is seen to be the most potent
brine in retaining water wettability followed by SW4S,
thereby releasing minimum brine from the pore spaces.
Results from this drainage test are in compliance with those
from contact angle and {-potential studies in which SW4SP
is proven to be the most efficient compared to other brines
tested.
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Fig. 10 Spontaneous drainage rate of different brines

3.6 Core flood recovery

Three core flood experiments were conducted at 120 °C to
investigate the displacement efficiency of brines at residual
formation brine saturation (as described in previous section).
Carefully selected core plugs of very similar petro-physical
properties were used in these displacement experiments. The
properties of the core plugs and the recovery data are listed
in Table 6, and the displacement efficiency against pore vol-
umes (PVs) of brine injected is presented in Fig. 11.

In the first core flooding experiment CF-1, seawater was
used as the secondary flooding medium and SW4S was used
in the tertiary mode. The experimental results of CF-1 were
considered as benchmarks for comparison with the subse-
quent core flooding experiments. A cumulative recovery
of 63.1% and 70.8% of original oil in place (OOIP) was
recovered during the secondary and tertiary recovery modes,
respectively (which includes the bump-flood recovery),
showing an additional recovery of 7.7% during the tertiary
flood. This result is in agreement with previous works of
Fathi et al. (2012) who reported an incremental recovery of
5% to 18% of OOIP using SW4S brine, compared to SW.
However, they used chalk cores, but not limestone cores.
Awolayo et al. (2014) also used SW4S brine and achieved
10% incremental recovery in the tertiary recovery mode,
using cores and crude oil from the same reservoir as ours.

Table 6 Summary of all core flooding results

The experiment CF-2 was conducted under similar exper-
imental conditions. Seawater as the secondary recovery fluid
was followed by phosphate-mixed SW4S brine (i.e., SW4SP)
as the tertiary recovery fluid. The cumulative recoveries
were found to be 66.4% and 74.4%, respectively, from the
secondary and tertiary flood modes, showing an incremen-
tal recovery by 8%, which is very close to the oil recovery
displaced by SW4S brine and may fall within experimental
error margin. These results could not be validated with lit-
erature because no published work could be found in which
SHMP brine was used as one of the MWF ingredients.

From the above two core flooding experiments, it remains
inconclusive whether phosphate has any real impact on addi-
tional oil recovery. Thus, a third core flooding experiment
CF-3 was conducted under exactly the same experimental
conditions. Seawater was injected in the secondary mode,
the SW4S brine was injected in the tertiary mode and the
SW4SP brine was injected in the quaternary mode. In the
secondary mode, the cumulative oil recovery was 64.7% of
OOIP which is close to the previous two experiments. In
the tertiary mode with SW4S brine, the cumulative recov-
ery increased to 73.4% of OOIP, i.e., an additional 8.7%
was achieved which was very similar to the previous core
flooding results. In the quaternary flood mode with SW4SP
brine, the cumulative recovery increased to 75.1%, i.e.,
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Fig. 11 Displacement efficiency as a function of injection volume of
brines with different compositions

Exp. Core Brine Air perme-  Porosity, % Pore Irreducible water Secondary Cumulative Quaternary

No. No. ability K., volume, saturation S,;, % recovery, % tertiary recov-  recovery, %
mD cm? ery, %

CF-1 1C SW4S 25.61 279 22.8 20.24 63.1 70.8 -

CF-2 3A SW4SP 26.82 28.2 22.5 19.58 66.4 74.4 -

CF-3 2B SW4S and SW4SP  24.73 27.3 23.1 21.45 64.7 73.4 75.1
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1.7% additional recovery. This incremental recovery could
be attributed to the presence of phosphate in the flood water.

3.7 Pore size distribution (PSD) in core samples
obtained by NMR

In the core displacement process, we captured the differen-
tial pressure (DP) data and calculated the real-time perme-
ability of cores. The objective is to observe pore blocking,
if any, due to scales or fines deposits in the displacement
process. However, as stated earlier, due to erratic readings
of the pressure transducer no definitive conclusion could be
made. To compensate this, we investigated the pore struc-
tures before and after core flooding through NMR pore size
distribution (PSD) and cumulative porosity analysis. NMR-
PSD and cumulative porosity of the core plugs are shown in
Figs. 12, 13 and 14.

A vertical bar is placed on 90-ms readings. The left side
of this bar represents micro- and mesoporosity while the
right side represents macroporosity. From the 7, distribu-
tion curve, it can be seen that the selected core plugs, cores
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1C, 3A and 2B used in experiments CF-1, CF-2 and CF-3,
respectively, were mostly comprised of macro-pores and
there were a little micro- and meso-pores. Thus, it can be
expected that the majority of the injection water had flowed
through the macro-pores.

The PSD of core 1C after core flooding experiment
(Fig. 12a) shows that there was a minor pore blockage in
the 90—120-ms region (corresponding to average pore throat
size of 1-2 microns (Tawfik et al. 2019) as correlated from
mercury injection pressure), which could be attributed to
pore damage due to sulfate scale deposition. It could be seen
that in the rest of the macro-pore domain there is a minor
porosity enlargement. Overall porosity of this core increased
by nearly 0.6% during the entire flood process. Though this
value is low, it could still be considered as an indication
of carbonate dissolution, a process observed by many of
the predecessors and attributed to one of the mechanisms
responsible for additional recovery by SW4S brine.

A comparison of porosity distribution of core 3A before
and after core flooding experiment CF-3, in which the
SW4SP brine was used as flood water in the tertiary mode, is
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Fig. 12 Comparisons of NMR porosity distribution (a) and cumulative porosity (b) before and after core flooding CF-1
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Fig. 13 Comparisons of NMR porosity distribution (a) and cumulative porosity (b) before and after core flooding CF-2
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Fig. 14 Comparisons of NMR porosity distribution (a) and cumulative porosity (b) before and after core flooding CF-3

shown in Fig. 13. From these figures, it is evident that there
was no pore blockage either in meso- or macro-pore regions.
Rather there was a noticeable pore size enhancement from
about 500 to 2000 ms (relaxation time 7). The cumulative
porosity increased by nearly 1.5%. These observations lead
to the conclusion that there is no pore blockage due to scale
deposition during core flooding. The incremental pore space
could be attributed to enhanced carbonate dissolution pos-
sibly due to the presence of metaphosphate ions, known to
have calcium sequestering properties.

The PSD of core 2B after core flooding experiment
CF-3 shows the overall increase in pore size distribution
throughout the macro-pore region. The cumulative porosity
increased by nearly 2.8%. This large incremental porosity
cannot be justified by carbonate dissolution alone. Some
amount of fines migration may also contribute to the incre-
mental porosity; however, there is no confirming evidence
for this claim. It may be noted that in experiment CF-3 the
core has been flooded with additional 2.5 PV of brine com-
pared to the experiments CF-1 and CF-2. The longer brine
flood may also be responsible for higher pore enlargement.

4 Conclusions

The possibilities of inhibiting sulfate scale deposition dur-
ing sulfate-spiked smart waterflooding using polyphosphate
compound are studied. Strong scaling tendency of sulfate-
spiked seawater is established through DSL studies and
computer simulation. SHMP is introduced as scale inhibitor
and a possible PDI for enhanced oil recovery. Based on the
experimental findings, the following conclusions are drawn:

(1) All the sulfate-spiked brines would cause sulfate scale

precipitation and block pore channels upon mixing with
formation water in carbonate reservoirs.

@ Springer

(2) Increasing sulfate concentration by four times to that of
seawater showed better performance compared to two
or six times higher sulfate concentration.

(3) From a suite of phosphate and polyphosphate com-
pounds, sodium hexametaphosphate (SHMP) is found
to be the most potent compound which can inhibit scal-
ing tendency of the smart waters even at elevated tem-
peratures.

(4) Contact angle measurement, {-potential and drain-
age studies show that the addition of SHMP to SW4S
brine not only reduced the scaling possibility but also
changed the carbonate wettability from oil wet to water
wet and helped in releasing the trapped oil more than
SW4S brine. Core flooding studies show an additional
recovery of 1.7% is achieved in the quaternary flood
mode with SHMP-mixed smart brine (SW4SP). This
can be attributed to the poly-anionic character of met-
aphosphate ions.

(5) Porosity distribution analysis shows minor pore block-
age in the small pore regions when SW4S brine is used.
No pore blockage is observed when SHMP is present
in the flood water.
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