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a b s t r a c t

The existence of water phase occupies oil flow area and impacts the confined oil flow behavior at the
solid substrate in inorganic nanopores of shale oil reservoirs, resulting in a completely different flow
pattern when compared with the single oil phase flow. This study proposes an analytical model to
describe the water-oil two-phase flow. In this model, water slippage at the solid substrate is considered
while oil slip is introduced to calculate the oil movement at the solid-oil boundary in dry conditions. It is
proven that the oil flow profiles of both the two-phase model and single-phase model show parabolic
shapes, but the oil flow capacity drops when water takes up the flow space and the impact of water is
more significant when the pore dimension is smaller than 30 nm. Also, the oil flow velocity at a pore
center is found to drop linearly given a larger water saturation in wet conditions. The effects of surface
wettability and oil properties on water-oil flow are also discussed. Compared with the existing single-
phase models, this model describes oil flow pattern in the wet condition with the incorporation of the
influence of nanopore properties, which better predicts the oil transport in actual reservoir conditions.
Water-oil relative permeability curves are also obtained to improve oil yield.
© 2021 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/

4.0/).
1. Introduction

Shale oil is the oil reserved in shale rocks, which usually contain
inorganic matrix and kerogen (Cane, 1976; Youngquist, 1998;
Passey et al., 2010; Curtis et al., 2011; Afsharpoor and Javadpour,
2018). Shale rocks are dominated by micropores (<100 nm) to
macropores (>1000 nm), and therefore, characterized by low
porosity and low permeability (Rouquerol et al., 1994; Loucks et al.,
2009; Chalmers et al., 2012; Zou, 2017; Dembicki, 2016). Nanopores
tend to bring about molecular interactions between solid walls and
fluid molecules near pore surfaces, which cannot be neglected in
modeling the fluid transport. In this way, the fluid transport
behavior in an interfacial region deviates from that of the bulk
phase (Barrat and Bocquet, 1999; Holt et al., 2006; Darabi et al.,
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2012; Afsharpoor and Javadpour, 2016; Jin and Firoozabadi, 2016).
Therefore, the confined fluids movement in shale oil reservoirs
need to be investigated.

In terms of single oil phase flow in nanopores in shale reservoirs,
molecular dynamics simulations (MDS) and analytical models are
most frequently usedmethods. Wang et al. (2016a) adoptedMDS to
capture how n-octane molecules moved in inorganic nanopores
with their size to be 1.7e11.2 nm. They found that the liquid hy-
drocarbon molecules were liable to be arranged parallel to a solid
surface, the structure of which was difficult to form if the pore size
became larger. Liquid slip and apparent viscosity were then chosen
to describe this specific phenomenon. To compare, they also tested
the single oil phase flow in organic pores. Different from the
parabolic shape in inorganic pores, the velocity profile in organic
pores presented a plug shape (Wang et al., 2016b). Zhang et al.
(2017b) derived an analytical apparent viscosity model to calcu-
late the oil transport with the consideration of liquid adsorption
and liquid slip depending on rock wettability, and sensitivity
analysis was conducted by changing pore size, pressure gradient
and total organic carbon (TOC). Sun et al. (2019) also derived a
single oil flowmodel analytically with incorporations of oil slip and
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physical adsorption mechanisms.
However, the mentioned studies only focused on the single oil

flow in shale oil reservoirs. Water-oil two-phase flow patterns in
nanopores should also be analyzed as it is the prerequisite for
obtaining water-oil relative permeability curves and further pre-
dicting multiphase flow rates and production. Ojha et al. (2017)
developed a workflow to estimate shale relative permeability
curves with low-pressure nitrogen adsorption-desorption
isotherm. They concluded that a drop in water relative perme-
ability was quicker than an increase in oil relative permeability
given a small water saturation. Cantisano et al. (2013) used a
Lattice-Boltzmann method to compute water-oil relative perme-
ability curves for Colombian rocks with different wettability.
Similarly, Huang et al. (2020) found water-oil and oil-gas relative
permeability curves for mixed-wet shale oil reservoirs. Yu et al.
(2014) obtained water-oil relative permeability curves by history
matching the production data of a Middle Bakken well.

Most of the published water-oil two-phase flows in shale res-
ervoirs are not studied with analytical models. This study provides
an analytical model to compare confined oil flow capacities in both
dry and wet conditions. For the dry condition, only oil slippage is
introduced for the single oil phase flow. But in terms of the wet
condition, both water slippage and modified water properties are
considered for water films in the vicinity of a solid wall. Water-oil
relative permeability curves and different fluid flow profiles can
be derived in this way. Comparing the two results tells how water
impacts oil transport capacity in nanoscale water-wet pores as both
oil-wet and water-wet nanopores have been discovered in shale oil
reservoirs (Odusina et al., 2011; Saraji and Piri, 2015; Gupta et al.,
2018; Siddiqui et al., 2018; Gao et al., 2019).

2. Model establishment

As the pore size in shale oil reservoirs lies in the range of several
to several thousand nanometers, solid-liquid molecular interactions
are particularly significant even compared with liquid-liquid mo-
lecular interactions, which cannot be ignored in nanoscale confined
structures. How oil slippage and water slippage are represented
analytically is firstly discussed in this section. Then a specific model
for calculating water-oil two-phase flow rates and relative perme-
ability curves is described and derived in details. Oil adsorption at a
solid surface is not considered currently, which will be considered in
the future. Also, this study focuses on obtaining water-oil flow
properties with an analytical model. Molecular dynamics will be
conducted in the next stage to further validate the model.

2.1. Liquid slippage

The liquid slippage was proposed by Navier et al. (1823), who
put forward the possibility of liquid slip on a solid surface and
defined a constant slip length to measure it. In their study, a slip
length was determined as the distance from a solid surface to the
location where the liquid velocity was extrapolated to zero.

vls ¼ lls
vu
vz

(1)

where vls is the liquid slip velocity, m/s; lls is the liquid slip length,
m; u is the liquid flow velocity, m/s; z is the direction perpendicular
to the flow direction.

A liquid slip length is then frequently adopted to measure liquid
slippage, and influencing factors on the liquid slip length are dis-
cussed with numerous models. According to Ruckenstein and
Rajora (1983), a liquid slip velocity was proportional to a chemi-
cal potential gradient and a mobility coefficient. The mobility
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coefficient was further derived to be a function of a surface diffu-
sion coefficient. The slip velocity vls and the liquid slip length lls are
expressed as:

vls ¼
D

nLkBT
DP
L

(2)

lls ¼
2mD

nLkBTr
(3)

whereD is a surface diffusion coeffcient, m2/s; nL is the liquid particle
number density, dimensionless; kB is the Boltzmann constant, 1.381
� 10�23 J/K; T is temperature, K; DP is a pressure difference between
the ends of capillary, Pa; L is the capillary length, m; m is a viscosity
coefficient, Pa$s; r is the capillary radius, m. On the basis of Ruck-
enstein and Rajora's theory (1983), Mattia and Calabr�o (2012)
explained that the difference between solid-liquid molecular in-
teractions and liquid-liquid molecular interactions led to the unex-
pected higher water flow rate in carbon nanotubes. Maintaining that
nLkBTLwas the energy of fluid molecules in an interfacial region and
the energy could be replaced by the work of adhesion WA, they
defined the slip velocity by Eq. (4) and the slip length was further
derived as in Eq. (5). With the help of Myers's flow rate model
(Myers, 2011), they successfully captured water flow characteristics
in carbon nanotubes measuring different sizes and wettability.

vls ¼
D
WA

DP (4)

lls ¼
2mDL
WAr

(5)

whereWA is the work of adhesion, J/m2. In this way, Cui et al. (2017)
analyzed oil flow in confined organic nanopores accounting for oil
slippage and adsorption. They used Eqs. (4) and (5) to calculate the
related slip properties, which are also used in this study to conduct
analysis and discussion in the next section.

However, Blake (1990) developed a liquid slip model involving
interfacial wettability on the basis of the molecular-kinetic theory
in another way. He defined a slip length as the ratio of a viscosity
coefficient and a slip coefficient, which was closely related to a
contact angle and an effective area occupied by solid molecules.

ls ¼ m

d
h
e

aSslð1�cosqÞ
kBT � 1

i (6)

where ls is a slip coefficient, Pa$s/m; d is the distance between the
two neighboring molecules, m; a is the fraction of an effective
surface area occupied by solid, dimensionless; S is an effective
surface area, m2; sl is the liquid-solid tension, N/m; q is a contact
angle, degree. Then the liquid slip length lls is manifested as

lls ¼ d

�
e

aSslð1�cosqÞ
kBT �1

�
(7)

During the above process, Blake (1990) ignored the difference of
relaxation time between fist-layer molecules and bulk molecules.
However, Wu et al. (2019) introduced this difference and studied
confined n-alkane flow behavior. Therefore, Eq. (7) is modified to

lls ¼ d

�
t0
tb
e

aSsl ð1�cosqÞ
kBT �1

�
(8)

where t0 is the bulkmolecules relaxation time, s; tb is the first layer
molecules relaxation time, s. On the basis of Eq. (8), Wu et al. (2019)
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plotted oil true slippage length of different alkanes as a function of
wall energy and a pore diameter, which are used in the next section
to discuss the impacts of n-alkane properties on the confined two-
phase flow.

Oil slippage length los is calculated according to Eqs. (5) and (8)
when single oil phase exists. In terms of water-oil two phase flow,
the water slippage lws is represented with the derived model of
Myers (2011). He has validated the empirical model against
numerous MDS data and experimental data.

lws ¼hwi

�
mwi
mw0

�1
�"

1�3
2
hwi
rc

þ
�
hwi
rc

�2

�1
4

�
hwi
rc

�3
#

(9)

where lws is a water slip length, m; rc is the pore radius, m; hwi and
hw0 are the thicknesses of two water layers, m; mwi and mw0 are the
water viscosity for the two water films, Pa$s, which can be calcu-
lated according to the empirical model of Qin and Buehler (2015)
(Eq. (10)), who obtained the model based on classical Stokes' law
with molecular forces analysis.

mwi
mw0

¼
�
C1 þC2L0

�6
�

(10)

where C1 and C2 are constants, dimensionless; L0 is the distance
between two neighboring atoms, m.
2.2. Model derivation

Water in nano-sized hydrophilic pores tends to spread at a solid
surface and occupy oil flow path as in Fig. 1. It is assumed that the
water stays between a rock surface and an oil zone. And the water
film is distributed uniformly at the solid surface. Only oil and water
phases are considered in the current study. In the case of wet
condition, the water molecules in the vicinity of solid wall have
specific flow properties due to the solid-liquid molecular in-
teractions, which are different from other bulk water molecules
staying far away from the surface. In the case of hydrophilic
nanopores, the water molecules near the substrate tend to have a
larger viscosity. Therefore, there are two water films at the surface
of a circular pore in Fig. 1 (Li et al., 2018, 2019). Water slippage is
considered at a solid-water boundary during water-oil two-phase
flow. In contrast, oil slippage is taken into account at the solid-oil
boundary in a dry condition.

Also, it is assumed that the fluids flow laminarly in a steady-
state condition, which is frequently adopted in the fluid flow
study in shale pores. For example, Zhang et al. (2017a) and Li et al.
(2016) assumed steady-state shale gas-water phase flow in nano-
pores and further derived gas-water relative permeability curves.
Cui et al. (2017) assumed single-phase oil flow in a steady-state
8>>>>>>>>>>>>>><
>>>>>>>>>>>>>>:

vo ¼ � DP
4moL

r2 þ DPhw0

4mw0L
ð2rc � 2hwi � hw0Þ þ

DP
4mwiL

�
2rclws � hwi

2 þ

þlos
DP
2moL

ðrc � hwi � hw0Þ þ
DP
4moL

ðrc � hwi � hw0Þ2

vw0 ¼ � DP
4mw0L

r2 þ DP
4mw0L

ðrc � hwiÞ2 þ
DP

4mwiL

�
2rclws � hwi

2 þ 2rch

vwi ¼ � DP
4mwiL

r2 þ DP
4mwiL

rc2 þ lws
DP

2mwiL
rc
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condition and liquid permeability of organic nanopores. The tran-
sient flow and pseudo-steady state flow and the phase transition
between oil and gas phases will be discussed in the future study.

As one of the practical applications, this analytical model can be
acted as the inputs for reservoir simulation and well test to better
improve shale oil recovery. Also, the steady-state relative perme-
ability curves are frequently used as the inputs in the commercial
reservoir simulator such as CMG (CMG, 2017) and well test soft-
ware such as Fekete (2017).

According to the assumed flow model, the expression for
multiphase flow in the oil region and two water regions are (Chen
et al., 2006)8>>>>>>>>><
>>>>>>>>>:

mo
r

v

vr

�
r
vvo
vr

�
¼ vP

vx
; r2½0; rc � hwi � hw0�

mw0
r

v

vr

�
r
vvw0

vr

�
¼ vP

vx
; r2½rc � hwi � hw0; rc � hwi�

mwi
r

v

vr

�
r
vvwi
vr

�
¼ vP

vx
; r2½rc � hwi; rc�

(11)

where P is the pore pressure, Pa; vo is the oil velocity, m/s; vwi and
vw0 are the water velocity for two water regions, m/s; mo is the oil
viscosity, Pa$s. In this study, mwi is equal to Cmw0 and C is a constant
related to pore wettability.

On the basis of the previous discussion, oil slippage los is
introduced to simulate the solid-oil molecular interactions at the
pore inner surface when only oil phase exists. Water slippage lws is
used instead if water saturation is larger than 0. The boundary
conditions in this case are listed as

8>>>>>>>>>>>>>>>>>>>><
>>>>>>>>>>>>>>>>>>>>:

�
vvo
vr

�
jr¼0 ¼ 0

vojr¼rc�hwi�hw0
¼ vw0jr¼rc�hwi�hw0

� los

�
vvo
vr

�
jr¼rc�hwi�hw0

mo

�
vvo
vr

�
jr¼rc�hwi�hw0

¼ mw0

�
vvw0

vr

�
jr¼rc�hwi�hw0

vw0jr¼rc�hwi
¼ vwijr¼rc�hwi

mw0

�
vvw0

vr

�
jr¼rc�hwi

¼ mwi

�
vvwi
vr

�
jr¼rc�hwi

vwijr¼rc ¼ �lws
vvwh
vr

jr¼rc

(12)

Solving Eq. (11) according to the boundary conditions in Eq. (12)
obtains the following flow velocities

where L is the circular pore length, m. When water exists,
2rchwi

�

wi

� (13)



Fig. 1. Distribution of water and oil phases in a single nanopore (Oxygen in water and carbon in oil are green spheres and black spheres, respectively).
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lws ¼ hwi

�
mwi
mw0

�1
�"

1�3
2

hwi
rc
þ
�
hwi
rc

�2

�1
4

�
hwi
rc

�3
#
and los ¼ 0; when

only the oil phase is present, lws ¼ 0, hwi ¼ hw0 ¼ 0, and los ¼
2moDsL
WArc

or los ¼ d

�
t0
tb
e

aSsl ð1�cosqÞ
kBT � 1

�
.

Even though this study aims to compare the flow velocity pro-
files, relative permeability curves are calculated to conduct model
validation. The single pore flow rate equations are thus derived by
integrating Eq. (13) along the r axis:

qo ¼ 2p
Zrc�hwi�hw0

0

rvodr

¼ pDP
8moL

ðrc � hwi � hw0Þ4 þ los
pDP
2moL

ðrc � hwi � hw0Þ3

þ pDPhw0

4mw0L
ð2rc � 2hwi � hw0Þðrc � hwi � hw0Þ2

þ pDP
4mwiL

�
2rclws � hwi

2 þ 2rchwi

�
ðrc � hwi � hw0Þ2 (14)

qw0 ¼ 2p
Zrc�hwi

rc�hwi�hw0

rvw0dr

¼ pDPhw0
2

8mw0L
ð2rc � 2hwi � hw0Þ2

þ
pDP

�
2rclws � hwi

2 þ 2rchwi

�
4mwiL

hw0ð2rc � 2hwi � hw0Þ

(15)

qwi ¼ 2p
Zrc

rc�hwi

rvwidr

¼ pDPhwið2rc � hwiÞ
8mwiL

�
2rchwi � hwi

2 þ 4rclws

�
(16)

where qo is the single pore oil flow rate, m3/s; qwi and qw0 are the
single pore water flow rates for the two water regions, m3/s.

Assuming a log-normal pore size distribution for shale oil res-
ervoirs, the total flow rate equations are then obtained by adding
the flow rates from the minimum radius rcmin to the maximum
radius rcmax (Zhang et al., 2017a).
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Qot ¼N
Zrcmax

rcmin

8<
:pDP
8moL

ðrc � hwi � hw0Þ4 þ los
pDP
2moL

ðrc � hwi � hw0Þ3

þpDPhw0

4mw0L
ð2rc �2hwi �hw0Þðrc � hwi � hw0Þ2

þ pDP
4mwiL

�
2rclws �hwi

2 þ2rchwi

�
ðrc � hwi � hw0Þ2

)

� 1

rc
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2psrc 2

p exp

"
� ðlnrc � 2rcÞ2

2src 2

#
drc

(17)

Qwt¼N
Zrcmax

rcmin

(
pDPhw0

2

8mw0L
ð2rc�2hwi�hw0Þ2

þ
pDP

�
2rclws�hwi

2þ2rchwi

�
4mwiL

hw0ð2rc�2hwi�hw0Þ

þpDPhwið2rc�hwiÞ
8mwiL

�
2rchwi�hwi

2þ4rclws

�) 1

rc
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2psrc 2

p
exp

"
�ðlnrc�2rcÞ2

2src 2

#
drc

(18)

where N is the total number of circular pores, dimensionless; rcmin
and rcmax are the minimum pore radius and the maximum pore
radius, m; Qot is the total oil flow rate, m3/s; Qwt is the total water
flow rates, m3/s.

The Darcy flow rate of oil phase Qod and the water saturation Sw
take the following forms:

Qod ¼
KotAð1� SwÞ

mo

DP
L

(19)

Sw¼1

�
N
Z rcmax

rcmin

pðrc�hwi�hw0Þ2
1

rc
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2psrc 2

p exp

"
�ðlnrc�2rcÞ2

2src 2

#
drc

N
Z rcmax

rcmin

prc2
1

rc
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2psrc 2

p exp

"
�ðlnrc�2rcÞ2

2src 2

#
drc

(20)

where Qod is the Darcy flow rate of oil phase, m3/s; A is the cross
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section area, m2; Sw is the water saturation, dimensionless.
Considering the pore tortuosity t obtains

Qod ¼
1
t
Qot (21)

where t is the pore tortuosity, dimensionless.
Substituting Eqs. (17), (18) and (20) into Eq. (21), one can get the

oil apparent permeability Kot during two-phase flow:
Kot ¼ N
Að1� SwÞtmo

Zrcmax

rcmin

8<
: p
8mo

ðrc � hwi � hw0Þ4 þ los
p
2mo

ðrc � hwi � hw0Þ3 þ
phw0

4mw0
ð2rc �2hwi � hw0Þðrc � hwi � hw0Þ2

þ p
4mwi

�
2rclws � hwi

2 þ 2rchwi

�
ðrc � hwi � hw0Þ2

	
� 1

rc
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2psrc 2

p exp

"
� ðlnrc � 2rcÞ2

2src 2

#
drc

(22)
where Kot is the oil apparent permeability during two-phase flow,
m3.

Likewise, the water apparent permeability Kwt and the absolute
permeability Kt when only water phase exists are derived as fol-
lows:
Kwt ¼ N
ASwt

mw

Zrcmax

rcmin

(
phw0

2

8mw0
ð2rc � 2hwi � hw0Þ2 þ

p
�
2rclws � hwi

2 þ 2rchwi

�
4mwi

hw0ð2rc �2hwi �hw0Þ

þphwið2rc � hwiÞ
8mwi

�
2rchwi �hwi

2 þ4rclws

�) 1

rc
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2psrc 2

p exp

"
� ðlnrc � 2rcÞ2

2src 2

#
drc

(23)

Kt¼N
At

Kt

Zrcmax

rcmin

(
pðrc�hwiÞ4

8mw0
þ
p
�
2rclws�hwi

2þ2rchwi

�
4mwi

ðrc�hwiÞ2þ
phwið2rc�hwiÞ

8mwi

�
2rchwi�hwi

2þ4rclws

�) 1

rc
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
2psrc 2

p exp

"
�ðlnrc�2rcÞ

2

2src 2

#
drc

(24)
where Kwt is the water apparent permeability during two-phase
flow, m3; Kt is the absolute permeability when only water phase
exists, m3. When water exists,

lws ¼ hwi

�
mwi
mw0

�1
�"

1�3
2

hwi
rc
þ
�
hwi
rc

�2

�1
4

�
hwi
rc

�3
#
and los ¼ 0; when

only the oil phase is present, lws ¼ 0, hwi ¼ hw0 ¼ 0, los ¼ 2moDsL
WArc

or

los ¼ d

�
t0
tb
e

aSsl ð1�cosqÞ
kBT � 1

�
.

Finally, water-oil relative permeabilities are obtained as krw ¼
1780
Kwt=Kt and kro ¼ Kot=Kt.
3. Model validation

The derived relative permeability model is validated against the
published tight oil and shale oil relative permeability data in Fig. 2
(Yu et al., 2014; Wantawin et al., 2017; Bo et al., 2019) as the
nanoscale oil apparent permeability data considering the existence
of water lacks. The parameters used during validation are listed in
Table 1 and the mean-squared error (MSE) measuring the valida-
tion accuracy is listed in Table 2. The deviation between experi-
mental data and simulation results is estimated to come from the
complex pore structure. The actual pore size distribution is not able
to strictly follow the log-normal distribution, which is used to
derive the relative permeability curves in this study.
4. Results and discussion

The two-phase velocity distribution and relative permeability
curves are discussed under different conditions to evaluate the
impacts of influencing factors such as pore size, water saturation,
pore wettability, etc.
4.1. Velocity distribution

4.1.1. Pore size
With the basic parameters listed in Table 3 (Details are listed in

Appendix), the flow velocity profile at the water saturation of 0.5 is



Fig. 2. Relative permeability data validation between experimental data and the
derived model.

Fig. 4. Relationship between maximum oil flow velocities and pore radius (q¼81.1�,
Sw ¼ 0.5, u ¼ 0.577).
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shown in Fig. 3. The dimensionless radius rD is used instead of r in
this part (rD ¼ r=r0). According to Fig. 3, the oil flow profile follows
a parabolic shape both in a dry condition and a wet condition,
which agrees with the MDS results of Wang et al. (2016a). But there
is a turning point at the water-oil interface due to the property
differences between the two phases. Also, the presence of water
reduces oil flow capacity significantly. The oil flow velocity is
1.2353 � 10�13 m/s at the water-oil interface and it increases to
2.7976 � 10�13 m/s at the center when the average pore radius is
10 nm. In this case, oil slippage disappears at the interface and the
minimum oil flow velocity comes from the moving water films. The
minimum high-viscosity water velocity and bulk water flow ve-
locity are calculated to be 1.6461� 10�14m/s and 2.8129� 10�14 m/
Fig. 3. Water-oil two phase flow profiles in wet and dry conditions in different-sized pores (q
radius is 100 nm; (d) pore radius is 500 nm.
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s, respectively. The non-zero high-viscosity water flow velocity at
the substrate is the result of water slippage. In terms of the single
oil phase, the maximum oil flow velocity turns out to be
4.9087 � 10�13 m/s and it drops to 1.7841 � 10�13 m/s at the solid
surface, which is generated by oil movements at the pore wall. To
conclude, considering the existence of movable water films brings
about a reduction in oil flow capacity by 42.97% at the center. One
reason goes to the occupation of an oil flow section area by water
for a given pore size. Another reason is attributed to the absence of
oil slippage when the water phase exists between the oil phase and
solid substrate even though water slippage appears instead.

Fig. 3bed presents the water-oil flow profiles in pores with
different sizes (50, 100 and 500 nm) to measure the impacts of
water films on flow behavior when the pore size changes. Along
with an expansion of the pore dimension, the oil flow capacity
increases nomatter whether awater film exists or not. According to
¼81.1�, Sw ¼ 0.5, u ¼ 0.577): (a) pore radius is 10 nm; (b) pore radius is 50 nm; (c) pore



Fig. 5. Water-oil two-phase flow profiles in wet and dry conditions under different water saturations (r¼10 nm, q ¼ 81.1�, u ¼ 0.577): (a) full plot; (b) local plot.

Fig. 6. Relationship between the maximum oil flow velocities and water saturation
(r¼10 nm, q ¼ 81.1�, u ¼ 0.577).

Fig. 7. Water-oil two-phase flow profiles in wet and dry conditions in nanopores with diffe
area ratio is 0.8; (d) area ratio is 0.9.
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Fig. 4, the impacts of water is more significant in smaller pores
when the water saturation is determined, especially when a pore
radius is less than 30 nm as the relative difference is larger than 20%
and it increases logarithmically after reaching 30 nm.
4.1.2. Water saturation
The impact of water content on two-phase flow behavior is also

analyzed. An increase in water saturation tends to undermine the
oil flow capacity for a fixed pore size according to Fig. 5, which
shows oil flow patterns under different water saturations (0, 0.15,
0.3, 0.5 and 0.7). It is quite obvious that increasing water content
leads to a drop in the oil flow capacity, as shown in Fig. 5a. Fig. 5b
plots the flow details in the vicinities of the two interfaces. Besides
the mentioned inflection point at the water-oil interface, there is
another turning point between two water films as the water vis-
cosity changes and the water movement speeds are different
rent hydrophilicity (r¼10 nm, Sw ¼ 0.5): (a) area ratio is 0.577; (b) area ratio is 0.7; (c)



Fig. 8. Relationship between the maximum oil flow velocities and contact angle
(r¼10 nm, Sw ¼ 0.5).
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consequently. As the high-viscosity water film thickness is kept
constant to be 0.7 nm in this study, these turning points overlap for
the four listed wet cases while the inflection points at the water-oil
interface are different because the bulk water film thickness
changes with water saturation.

To be more precise, Fig. 6 illustrates a relationship between the
maximum oil flow velocity and the water saturation, which proves
that the existence of water reduces the oil flow capacity as the
water phase occupies a certain flow sectional area. Increasing water
saturation from 0 to 0.15 reduces the maximum oil flow velocity
from 4.9087 � 10�13 m/s to 3.0182 � 10�13 m/s when the high-
viscosity water film is 0.7 nm. Once the water saturation is larger
than 0, there is a linear decline trend for the relationship between
Fig. 9. Water-oil two-phase flow profiles in wet and dry conditions in nanopores when oi
C14H30.
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the maximum oil flow velocity and water saturation. As it is
assumed that the high-viscosity water film thickness is kept con-
stant to be 0.7 nm, the minimum water saturation is calculated to
be 0.15 for the 10 nm pore. Fig. 6 also shows the relationship be-
tween the maximum oil flow velocities and water saturation when
the high-viscosity water film is changed to 0.5 nm and 1.0 nm. A
thicker high-viscosity water film reduces oil flow capacity due to
the reduction of flow area. However, it also implies a more water-
wet solid surface, which promotes oil flow in the dry condition
and the maximum oil velocity reaches 4.8470 � 10�13,
4.9087 � 10�13, and 5.0049 � 10�13 m/s, respectively.
4.1.3. Area ratio
An area ratio is changed in this part to obtain water-oil two

phase flow profiles when the hydrophilicity of substrate is adjusted.
The shale nanopores discussed in this study are mainly inorganic
pores which are usually hydrophilic. According to Appendix,
changing the area ratio to 0.7, 0.8 and 0.9 (from 0.577) leads to the
adhesion work to be 0.121, 0.136, and 0.150 J/m2 (from 0.103 J/m2)
and the contact angle to be 66�, 53� and 36� (from 81.1�),
respectively.

The effect of surface wettability on water and oil movements in
nanopores is plotted in Fig. 7. The dash lines show that increasing
hydrophilicity decreases the oil flow capacity due to a drop in the
oil slip velocity, which is consistent with the results of Cui (2019).
The solid lines also present that the smaller the contact angle, the
smaller the maximum oil flow velocity. But the deline trend is quite
slight and the reason goes to a reduction inwater slippage. In order
to describe the phenomenon more accurately, Fig. 8 provides a
relationship between the maximum oil flow velocity and rock
wettability quantatitively, which shows that the oil flow capacity
l properties are different (r¼1.5 nm, Sw ¼ 0.75). (a) C8H18; (b) C10H22; (c) C12H26; (d)
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declines with an increase in surface hydrophilicity as it restricts
water movement and impacts oil flow consequently.

4.1.4. Oil properties
As the required data for different n-alkanes in water-wet

nanopores is limited, the single oil flow data from Wu et al.
(2019) is adopted to illustrate the impacts of carbon number.
They presented a variety of n-alkanes flow properties in organic
nanopores. The pore radius is 1.5 nm in their study and the water
saturation is improved to 0.75 to guarantee the existence of two
water films in this section.

Figs. 9 and 10 show that the maximum oil flow velocity in a wet
condition drops when the carbon number is larger as a result of
Fig. 12. Relationship between relative permeability curves an

Fig. 11. Relationship between relative permeability curves and

Fig. 10. Relationship between the maximum oil flow velocities and carbon number
(r¼1.5 nm, Sw ¼ 0.75).
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more viscous oil phase. For example, increasing the carbon number
from 8 to 14 results in the oil flow velocity at the center to be
changed from 6.2187 � 10�15 m/s to 4.1328 � 10�15 m/s. However,
the oil flow velocity in a dry condition becomes larger due to a
larger oil slip velocity, which increases the maximum oil velocity
from 2.2571 � 10�14 m/s to 7.4509 � 10�14 m/s. Therefore, the
deviation of the oil flow capacities turns to be more significant.
4.2. Relative permeability curve

4.2.1. Pore size
Fig. 11 illustrates the evolution of relative permeability along
d pore size (rcmax¼100 nm): (a) full plot; (b) local plot.

pore size (q¼81.1�, u ¼ 0.577): (a) full plot; (b) local plot.

Fig. 13. Relationship between crossover point and pore wettability (rcmax¼100 nm).



Table 1
Summary of validation parameters.

Parameter Value Approach to obtain the parameter

Pressure P 0.1 MPa Measured with gauge
Temperature T 333.15 K Measured with thermometer
Water viscosity mw0 1 � 10�3 Pa s Measured with rotational viscometer
Oil viscosity mo 6.5 � 10�4 Pa s Measured with rotational viscometer
Work of adhesion WA 0.097 J/m2 Obtained via Mattia and Calabr�o (2012)
Surface diffusion coeffcient D 8.97 � 10�10 m2/s Obtained via Mattia and Calabr�o (2012)
Average pore radius r 2.7 � 10�9 m Measured with PSD test (nitrogen adsorption)
Pore length L 2.0 � 10�6 m Obtained with average length from digital rock of core samples
High-viscosity water film thickness hwh 7.0 � 10�10 m Obtained via numerous MD simulations (Mashl et al., 2003; Neek-Amal et al., 2016)

Table 2
MSE between derived model and experimental data.

Dataset MSE

Kro Krw

Yu et al. (2014) 0.0233 0.0138
Wantawin et al. (2017) 0.0095 0.0143
Bo et al. (2019) 0.1400 0.0036

Table 3
Basic parameters used in results and discussion.

Parameter Value

Pressure1 P 0.1 MPa
Temperature1 T 293.15 K
Water viscosity mw0 1 � 10�3 Pa s
Oil viscosity1 mo 8 � 10�4 Pa s
Work of adhesion2 WA 0.103 J/m2

Work of adhesion (oil-wet)2 WAo 0.019 J/m2

Work of adhesion (water-wet)2 WAw 0.165 J/m2

Surface diffusion coeffcient1 D 8.354 � 10�10 m2/s
Surface diffusion coeffcient (oil-wet)1 Do 3 � 10�9 m2/s
Surface diffusion coeffcient (water-wet)1 Dw 3 � 10�10 m2/s
Average pore radius1 r 10 nm
Pore length1 L 2 � 10�6 m
High-viscosity water film thickness hwh 7 � 10�9 m
Contact angle, degree 81.1
Viscosity ratio3 C 2.1
Carbon number1 10
Area ratio2 u 0.577
Water saturation Sw 0.5

Note: 1. Cui (2019); 2. Mattia and Calabr�o (2012); 3. Qin and Buehler (2015).
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with the increase of the maximum radii, which are 100, 250, and
500 nm separately. The expansion of flow radius leads to a drop in
the water slippage and a consequent smaller relative flow capacity
of water phase. The crossover point moves slightly towards a higher
water saturation from 0.699 to 0.707 and 0.710.

4.2.2. Area ratio
As previously illustrated, increasing the area ratio from 0.577 to

0.7, 0.8 and 0.9 modifies the contact angle. Howwater and oil phase
flow in tubes with different wettability are shown in Fig. 12.
Decreasing contact angle from 81.1� to 66�, 53� and 36� brings
about a lowerwater flow capacity as amorewater-wet solid surface
restrains water movement to a larger extent. Fig. 13 provides the
relationship between crossover point and pore wettability to pre-
sent the impact more accurately.

5. Conclusions

This study calculates the confined water-oil two-phase flow
capacity and water-oil relative permeability curves in inorganic
nanopores in shale oil reservoirs with the consideration of different
flowmechanisms. Oil slippage at a solid-oil surface is introduced in
a dry condition while water slippage is considered in a wet con-
dition. Different from the single oil phase flow model, this model
describes how oil phase distributes and moves in the wet condition
considering the impacts of solid properties, which better predicts
the oil flow capacity in actual reservoir conditions. Assuming the
log-normal pore size distribution, water-oil relative permeability
curves are also obtained to enhance shale oil recovery. To be more
precise, the following conclusions are obtained:

(1) The flow profiles under the two circumstances are compared
to demonstrate the impacts of water content on the confined
oil flow capacity. It is shown that oil flow profiles present a
parabolic shape both in a dry condition and a wet condition
and the existence of water reduces the oil flow capacity
significantly by 42.97% at the center.

(2) A larger pore dimension brings about a larger oil flow ve-
locity regardless of the water content. The effect of water is
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more significant in smaller pores, especially when the pore
radius is less than 30 nm.

(3) The maximum oil flow velocity decreases linearly with an
increase in water saturation in the wet condition. Increasing
water saturation from 0 to 0.15 reduces the maximum oil
flow velocity by 38.51%.

(4) Increasing the surface hydrophilicity decreases the oil flow
capacity due to a smaller oil slip velocity in the dry condition.
Similarly, themaximum oil flow velocity in thewet condition
drops given a smaller contact angle because of a reduction in
water slippage.

(5) The maximum oil flow velocity in the wet condition drops
when the carbon number is larger as a result of a larger oil
viscosity. Increasing the carbon number from 8 to 14 results
in 33.54% decline in oil flow velocity at the center. In contrast,
the oil flow velocity in the dry condition becomes larger due
to an increase in the oil slip velocity.

(6) Due to a drop in water slippage, the crossover point moves
slightly given a larger pore structure.

(7) Increasing the inorganic to organic surface area ratio re-
strains water movement to a larger extent.

This paper mainly works to investigate the analytical modelling
of steady-state shale oil flow in the wet condition, which doesn't
consider the rock heterogeneity and complicated pore structure.
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Pore-scale modelling of multiphase flow on digital rocks with the
consideration of slippage will be investigated in the future study.
Molecular simulation will also be conducted to further validate the
two-phase flow pattern.
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Appendix

In this study, basic data such as P, T , mo, r and L are chosen ac-
cording to Cui (2019). Also, Cui (2019) discussed the effect of mixed
wettability on single oil phase flow in shale nanopores. They
calculated the mixed adhesion work and mixed surface diffusion
coeffcient based on the area ratio u (u is the water-wet surface area
ratio and 1� u is the oil-wet surface area ratio) by arithmetic
average and statistic average (Eqs. (A-1) and (A-2)). However, only
the values for Do and Dw come from Cui (2019). The values for WA

and q are obtained from Mattia and Calabr�o (2012) and they also
provided the relationship between WA and q (Eq. (A-3)). Then WAo
and WAw are obtained with Eq. (A-3) by adjusting contact angle q,
which can be obtained with Eq. (A-4) (Tao et al., 2018). Finally, u is
further calculated based on Eq. (A-1) and D can be figured out by
following Eq. (A-2).

WA ¼ð1�uÞWAo þ uWAw (A-1)

D¼
ffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffiffi
ð1� uÞDo þ uDw

u
Dw

þ 1�u
Do

s
(A-2)

WA ¼pe þ slvð1þ cosqÞ (A-3)

q ¼ arccosð � 1:48þ 17:45εswÞ (A-4)

where WAo and WAw are adhesion works of pure oil-wet substrate
and pure water-wet substrate, respectively, J/m2; Do and Dw are
surface diffusion coefficients of pure oil-wet substrate and pure
water-wet substrate, respectively, m2/s; pe is the spreading pres-
sure, J/m2; slv is the liquid-vapor surface tension, N/m; εsw is the
Lennard-Jones energy parameter between solid atom and water
atom. When εsw is 391.99896 J/mol, q is 81.1�.
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