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Spontaneous imbibition is an important phenomenon in tight reservoirs. The existence of a large number
of fractures and micro-nano pores is the key factor affecting the spontaneous imbibition of tight reser-
voirs. In this study, based on high-pressure mercury injection and nuclear magnetic resonance experi-
ments, the pore distribution of tight sandstone is described. The influence of fractures, core porosity and
permeability, and surfactants on the spontaneous imbibition of tight sandstone are studied by physical
fracturing, interfacial tension test, wettability test and imbibition experiments. The results show that: the
pore radius of tight sandstone is concentrated in 0.01—1 pm. Fractures can effectively reduce the oil drop
adsorption on the core surface, enhancing the imbibition recovery of the tight sandstone with an in-
crease of about 10%. As the number of fractures increases, the number of oil droplets adsorbed on the
core surface decrease and the imbibition rate increases. The imbibition recovery increases with the in-
crease in pore connectivity, while the imbibition rate increases with the increases in core porosity and
permeability. The surfactant can improve the core water wettability and reduce the oil—water interfacial
tension, reducing the adsorption of oil droplets on the core surface, and improving the core imbibition
recovery with an increase of about 15%. In a word, the existence of fractures and surfactants can enhance
the pore connectivity of the reservoir, reduce the adsorption of oil droplets on the core surface, and
improve the imbibition rate and recovery rate of the tight oil reservoir.
© 2022 The Authors. Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This
is an open access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/
4.0/).

1. Introduction

characteristics of tight reservoirs, scholars have done a lot of
research on the pore-throat structure and the fluid distribution in

Tight oil refers to the accumulation of oil stored in tight reser-
voirs without large-scale migration for a long time. As a kind of
unconventional oil and gas, it is known as the “black gold” of the
petroleum industry and has broad development prospects
(Johnstone, 2007). A large number of micro-nano pores and natural
fractures are developed in tight reservoirs, resulting in tight res-
ervoirs have the characteristics of low porosity, low permeability,
complex pore-throat structures and strong heterogeneity, which
makes it difficult to obtain high oil recovery.

In order to clarify the physical properties and seepage
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the tight reservoir by various methods (Zhang et al., 2019; Lai et al,,
2018; Wang et al., 2014; Wang et al., 2018). With the breakthrough
of horizontal well technology and volume fracturing technology,
the development of unconventional reservoirs such as tight oil has
made great progress. A large number of artificial fractures can be
generated, and they connect with natural fractures to form a
complex fracture network, which greatly improves the fluid flow
capacity in tight reservoirs. The large-scale development of tight oil
reservoirs has also attracted a lot of attention to the spontaneous
imbibition phenomenon (Li et al., 2019; Mason and Morrow, 2013;
Meng et al., 2017).

Spontaneous imbibition refers to the process in which the
wetting phase spontaneously enters the core pores to displace the
non-wetting phase under the action of capillary force. The most
common imbibition methods in the laboratory include imbibition
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cells, and the weighing method (Wang et al., 2017; Zhou et al,,
2016). With the maturity of nuclear magnetic resonance (NMR)
technology and CT technology, they are also widely used to monitor
the fluid distribution during imbibition (Cheng et al., 2019; Dai
et al., 2019; Liu et al.,, 2020; Schembre and Kovscek, 2001; Shi
et al.,, 2011). Influence factors of imbibition are always the focus
of research. A large number of imbibition experiments and theo-
retical studies have shown that spontaneous imbibition is affected
by various factors (Deng and King, 2019; Ning et al., 2022; Saputra
et al., 2019; Zhang et al., 2018; Wang and Zhao, 2021a; Wang and
Zhao, 2021b), such as rock physical properties, oil—water proper-
ties, and boundary conditions. Alvarez et al. (2018) studied the
adsorption phenomenon of surfactant on the surface of shale, and
analyzed the effect of surfactant adsorption on imbibition. Xu et al.
(2019) used different surfactants to study the effects of interfacial
tension and wettability on the imbibition law of low-permeability
reservoirs and observed that changing wettability and reducing
interfacial tension can effectively improve the recovery of low-
permeability reservoirs. Guo et al. (2020) conducted imbibition
experiments using tight sandstones in the Ordos Basin and dis-
cussed the effects of permeability, salinity, interfacial tension, and
other factors on imbibition recovery and imbibition stabilization
time. Cai et al. (2020) found that the presence of wetting clay
minerals in tight sandstone can enhance the core imbibition ca-
pacity. Yu et al. (2021) studied the spontaneous imbibition mech-
anism of oil-water surfactants through fracture—matrix
microfluidic chips of different sizes. Zhang et al. (2022) studied the
mechanism of nanofluids to enhance imbibition recovery.

Natural fractures in tight reservoirs and the complex fracture
network formed in the development process make the influence of
fractures on tight reservoir imbibition cannot be ignored. Xie et al.
(2018) studied the dynamic imbibition phenomenon of low
permeability reservoir under high temperature using artificial
cores. They found that the flow of fluid in micro-fractures has a
significant impact on the imbibition rate of low permeability cores,
and improving the water wettability can significantly improve the
seepage capacity between core matrix and fracture. Gao et al.
(2018) studied the imbibition mechanism of fractured tight cores
by the weighing method. Research shows that fractures can effec-
tively improve the core imbibition recovery, and the core imbibi-
tion rate decreases with the increase in core length. The research of
Yang et al. (2019) shows that the imbibition rate and recovery are
closely related to the core permeability. Fractures can increase the
imbibition contact area and imbibition scope, thereby improving
the imbibition rate and recovery.

Fractures play a very important role in enhancing oil recovery in
tight oil reservoirs. Scholars have done a lot of research on the
influencing factors of imbibition, but there still is a lack of experi-
mental research on the effect of fractures on imbibition. At the
same time, scholars pay little attention to the change of imbibition
rate and the adsorption process of oil droplets on the core surface
during imbibition process. In order to clarify the effect of fractures
on the imbibition of tight reservoirs, physical fracturing, high-
pressure mercury injection, nuclear magnetic resonance, interfa-
cial tension test, wettability test and imbibition experiments were
carried out. The effects of fractures on tight sandstone recovery and
imbibition rate were studied. The distribution of oil droplets on the
core surface during the imbibition process was observed and the
influence of fractures on the imbibition process of tight sandstone
was analyzed. At the same time, the factors affecting imbibition
such as core porosity and permeability characteristics, interfacial
tension, and wettability were studied.
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2. Geological setting

Ordos Basin, located in the midwestern China, with a total area
of about 37 x 10% km?, is the second largest petroliferous sedi-
mentary basin in China. The structure of the Ordos Basin rises in the
east and descends in the west, with a slope of less than 1° per
kilometer. Ordos Basin has experienced the whole process of for-
mation, development, expansion, contraction and even extinction
of lake basin (Li et al., 2022). With the evolution of the lake basin,
several major provenance areas at the boundary of the basin pro-
vided sufficient sedimentary clastic components, forming a lacus-
trine delta clastic reservoir with large sedimentary thickness (Song,
2021).

The Upper Triassic Yanchang Formation is the main oil-bearing
formation in the Ordos Basin. On the whole, the total thickness of
the stratum is 1000 m, the main rock is yellow-green and gray-
green sand mudstone, and the main sedimentary facies is lake-
delta facies. According to the analysis of lithology, cyclic deposi-
tional law and tectonic evolution, the Yanchang Formation is
divided into 10 oil layer groups from top to bottom. Among them,
the Chang 7 oil layer group, as the source rock layer deposited in the
heyday of lake basin development, has the characteristics of self-
generation and self-reservoir. The main mineral components of
sandstone in Chang 7 layer are quartz, feldspar, and detritus. The
main distribution interval of porosity is 8%—12%, and the perme-
ability is (0.05—2) x 10~ pm?. According to the classification
standard of reservoir physical properties, this layer belongs to low
porosity and ultra-low permeability reservoir (Liu, 2018).

In recent years, with the development of science and technol-
ogy, unconventional oil and gas resources have been developed on
a large scale, and the Chang 7 oil reservoir group is one of the key
targets for exploration and development. Scholars have also con-
ducted a lot of research on the reservoir properties and seepage
laws of the Chang 7 oil layer group in the Ordos Basin.

3. Experiments
3.1. Experimental materials

In this study, a total of 16 tight sandstone samples from the
Chang 7 Formation in the Ordos Basin were selected for the ex-
periments. The tight sandstone cores have a length of
5.010—5.732 cm and a diameter of about 2.5 cm, the permeability
varies from 0.013 to 0.195 mD and porosity is between 3.414% and
12.081%. The core parameters are shown in Table 1.

The oil used in the experiment is the simulated oil, which is
made of crude oil and kerosene in a ratio of 1:1. The density of the
simulated oil is 0.798 g/cm?> and the viscosity is 4.8 mPa-s at 35 °C
and 101.3 kPa. The salinity of formation water used in the experi-
ment is 20000 mg/L. The surfactant imbibition solution used in the
experiment was dodecylbenzene sulfonate solution (SDBS), and the
mass concentrations were 0.05%, 0.15%, and 0.20%, respectively. The
properties of SDBS used are shown in the Table 2.

3.2. Experimental method

3.2.1. High-pressure mercury injection (HPMI) experiment
High-pressure mercury injection (HPMI) is a process in which
the non-wetting phase is used to displace the wetting phase, based
on the capillary bundle model. By continuously changing the in-
jection pressure, the mercury injection volume under different in-
jection pressures can be obtained, thereby obtaining the capillary
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Table 1
Parameters of experiment cores.
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Core No. Length L, cm Diameter d, cm Porosity ¢, % Permeability K, mD Experimental method
1 5.690 2.490 11.398 0.041 Imbibition, NMR
13 5.536 2.470 11.918 0.033 Imbibition, NMR
20 5.010 2474 12.081 0.195 Imbibition, NMR
2 5.678 2.500 8.933 0.018 Imbibition
3 5.622 2516 7.441 0.018 Imbibition
4 5.600 2.512 11.450 0.036 Imbibition
8 5.530 2.482 2973 0.004 Imbibition
10 5.732 2.502 3.414 0.030 Imbibition
14 5.716 2.492 7.544 0.013 Imbibition
19 5.680 2.500 7.228 0.028 Imbibition
5 4.694 2.522 12.110 0.105 Fracturing, Imbibition
11 5.677 2.493 7.930 0.073 Fracturing, Imbibition
16 5.616 2.495 9.020 0.086 Fracturing, Imbibition
8A 2.497 2.494 13.51 0.189 HPMI
18A 2.483 2,518 8.92 0.063 HPMI
24A 2.488 2.518 11.97 0.011 HPMI
Table 2
Surfactant descriptions.
Surfactant Type HLB pH Purity Manufacturer
SDBS Anionic 10.638 7 >97% Tianjin Xiangruixin Chemical Technology Co., Ltd.

force curve. HPMI can measure many parameters, such as the
maximum pore radius, median pore radius, sorting coefficient, and
skewness, and quantitatively characterize the pore-throat structure
of the core.

In this study, three tight sandstones (Wang et al., 2019) were
selected for this experiment, and the core parameters are shown in
Table 1. After the core was cleaned and dried, it was tested by the
American AutoPore IV 9505 mercury porosimeter. The maximum
mercury injection pressure in the experiment is 80 MPa. Under this
pressure, the mercury saturation values of the cores are over 90%.

3.2.2. Nuclear magnetic resonance (NMR) experiment

Nuclear magnetic resonance (NMR) can obtain the pore and
fluid distribution by measuring the relaxation characteristics of the
fluid in the core pores, without damaging the core. Nuclear mag-
netic resonance instrument Oxford was performed at 35 °C. The
echo interval of 0.3 ms was used in the experiment, and 64 scans of
the core were performed, and 2048 echoes were obtained. In this
study, the NMR curves of the three cores in different saturated
media were measured respectively.

3.2.3. Physical fracturing
Three cores were selected for physical fracturing experiments.
Core permeability was measured before and after fracturing.

3.2.4. Interfacial tension test and wettability test

The main action mechanisms of surfactants include reducing
interfacial tension and changing wettability. In order to study the
effect of surfactant on imbibition recovery, the oil—water interfacial
tension and core surface wettability were tested.

In this study, the interfacial tension meter SVT20 was used to
measure the interfacial tension between oil and different imbibi-
tion fluids. The centrifugal speed of the experiment was 6000 r/
min. The oil droplets will stretch and deform a certain curvature
under the action of high centrifugal force that can be captured by a
high-precision camera to calculate the oil-water interfacial
tension.

The contact angle between the oil droplet and the core was
measured. The core pieces were cleaned and dried, and then soaked
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in imbibition fluid for 48 h. At 35 °C and 101.3 kPa, the contact angle
between oil droplets and the core surface in the imbibition fluid
was measured with a high-magnification microscope.

3.2.5. Imbibition experiment

The low porosity of tight sandstone results in less saturated oil
volume in the core. To ensure the experimental accuracy of the
volume method, the imbibition cells with an accuracy of 0.01 mL
are selected for the imbibition experiment, as shown in Fig. 1. The
procedures of the imbibition experiment are as follows:

1) Dry the cores and then vacuum for 12 h. Saturate cores at
25 MPa for 12 h. After saturation, place them in simulated oil for
12 h to make them fully saturated.

Fig. 1. Imbibition cell with the accuracy of 0.01 mL.
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2) Take out the cores from the simulated oil and remove the oil
slick on the core surface. Then put the cores into the imbibition
cells.

3) Add the imbibition liquid to submerge the cores, ensuring the
imbibition liquid enters the appropriate position. Seal the
imbibition cells and put them into a 35 °C incubator.

4) Record the volume of oil produced at different times from the
time that the solution contacts the bottom of the cores, and take
photos to record the changes of oil droplets on the core surface
simultaneously.

4. Results

4.1. Capillary pressure curves and pore distribution measured by
HPMI

The capillary force curves and pore distribution curves of three
cores are shown in Fig. 2. The core permeability obtained from the
high-pressure mercury injection experiment is 0.011-0.189 mD,
and the porosity is 8.92%—13.51%. It can be found that there are
certain differences in the capillary force curves of different cores,
indicating that there are certain differences in the pore structure
inside the cores. The displacement pressure of Core 8A is relatively
small, and there are more large pores in this core. Core 24A has a
higher displacement pressure, an upward capillary force curve,
which indicated a smaller pore radius. According to the core
capillary force curve, the pore distribution curves of cores can be
obtained, as shown in Fig. 2b. The pore distribution of Core 8A
ranges from 0.009 to 2.806 um, and the pore distribution is the
most extensive. The pore radius of Core 24A ranges from 0.009 to
0.540 pm, concentrated at about 0.1 pm. Core 18A has a pore dis-
tribution ranging from 0.009 to 0.771 um. It can be found from
Fig. 2a that when the mercury saturation is greater than 50%, the
capillary force of Core 18A rises rapidly, and the pore distribution
curve of the core has obvious double peaks. The larger pores are
concentrated in 0.1—0.2 pm, and the smaller pores are concentrated
in 0.009—0.02 pm. At the same time, it can be found that with the
increase of core permeability, the maximum pore radius and
average pore radius increase, and the core pore distribution curves
move to the right.

The pore throat parameters of cores are shown in Table 3. The
core sorting coefficient obtained by HPMI is between 1.945 and
2.72. With the increase in the core sorting coefficient, the core pore
distribution range becomes larger. The skewness of the cores is
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greater than 0, which means the core homogeneity is strong, and
relatively coarse pores account for more.

The pore distribution curve measured by the HPMI method
depends on the mercury injection pressure. The limitation of the
injection pressure makes it impossible to accurately measure the
small pore volume in the cores. At the same time, due to the in-
fluence of the capillary end effect, the influence of the displacement
pressure needs to be considered, resulting in the distribution of
large pores calculated by HPMI having certain errors.

4.2. Core pore measured by NMR

Three cores were selected for the NMR experiment. The
permeability of the three cores is 0.033, 0.041, and 0.195 mD,
respectively, and the porosity is similar, ranging from 11.398% to
12.081%. The NMR spectra of the three cores in different saturated
media are shown in Fig. 3.

From the NMR spectra, it can be found that the T, distribution
curve under oil-saturated conditions is skewed to the right, which
may be due to the stronger H signal of oil. At the same time, the
cumulative pore distribution curve under oil-saturated conditions
is slightly lower than that under water-saturated conditions, which
may be because the oil viscosity is higher, and it cannot enter
smaller pores when the cores was saturated at the same pressure.

Studies have shown that the NMR relaxation time has a power
exponential relationship with the core pore radius (Li et al., 2015;
Volokitin et al.,, 2001):

_ 1/n
r=CT,

where T is the transverse relaxation time, ms; r is the pore radius,
pum; C and n are constants.

Liu (2019) studied the conversion relationship between NMR
relaxation time and radius of Chang 7 cores in the Ordos Basin, and
obtained the conversion coefficient of NMR relaxation time and
radius. They got the conversion coefficient C = 0.09 and n = 0.725,
which are adopted in this paper to calculate the pore radius.

The pore distribution curves after conversion are shown in
Fig. 4. The pore radius is concentrated in 0.01—10 pm. Comparing
the pore distribution curve converted from the T, spectrum with
the pore distribution curve obtained by HPM], it is found that there
are significant differences in the pore distribution range between
them. The pore distribution range obtained by the T, spectrum is
more extensive, and the distribution of pores with a pore radius of

—_
o
-

25

1 —&— Core 8A (K=0.189 mD, ¢=13.51%)
—@— Core 18A (K=0.063 mD, $=28.92%)
—e— Core 24A (K=0.011 mD, ¢=11.97%)

20

Pore distribution frequency, %

100 1000

Pore radius, pm

Fig. 2. Capillary pressure curves and pore distribution curves obtained by HPMI.
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Table 3
Core parameters measured by HPMI experiment.
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Core Porosity, Permeability, Maximum pore Mean pore Media pore Sorting Skewness Displacement Efficiency of mercury
No. % mD radius, pm radius, pm radius, pm coefficient pressure, MPa withdrawal, %
8A 1351  0.189 2.806 0.497 0.129 2.72 0.064 0262 33.466
18A 892 0.063 0.771 0.222 0.19 2.28 0524 0953 22.857
24A 1197 0011 0.540 0.119 0.072 1.95 0.194  1.360 28.661
(a) 0.50 — - 16 0.6
- ——- T, distribution under water saturation Core 1 | —— Core 20 (K=0.195 mD, ¢ =12.081%)
0.45 A T, distribution under oil saturation 14 Core 13 (K=0.033 mD, ¢ =11.918%)
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T,, ms 0.086 to 0.105 mD. After fracturing, the core permeability increases
_— © significantly, and the permeability of Core 5 increases by about 258
(C) ’ - - - T, distribution under water saturation Core 20 times.
0604 " Tadistribution under-oll:saturation ! 14 When the core confining pressure increases, the fracture aper-
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- —— T, cumulative distribution under gil'saturation L 12 °>: ture will decrease. In this study, the liquid permeability of the core
= 0501 AV = under different confining pressures is measured to judge the in-
(e} L .
5 o404 g fluence of confining pressure on the core.
—: Le o The liquid permeability of each core under different confining
‘qc: 0.30 1 [ % pressures are shown in Fig. 6. It can be found that the core liquid
£ 020 E permeability decreases with the increase in confining pressure, and
g ' M4 3 they are in a linear relationship in the semi-logarithmic diagram.
0.10 N L5 ccording to Darcy's law, the core permeability is direc ropor-
- ' According to D 's law, th bility is directl
Y tional to the core fracture aperture. The greater the core perme-
0 e r— ; , . 0 1 .
i 1 5 © T 66 ity fiblllty, the greater the frac.ture apertur.e. 'Therefore, it can be
inferred that the core confining pressure is inversely proportional
To, ms to the fracture aperture, and the fracture aperture decreases with

Fig. 3. NMR spectra of 3 cores under oil-saturated conditions and NMR spectra of 3
cores under water-saturated conditions.

0.001—0.01 pm and greater than 10 pm can be seen intuitively. The
proportion of pores with a pore radius between 0.001 and 0.01 pm
is small, about 4%—8%, and the proportion of pores larger than
10 pm is about 1%—3%.
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the increase in confining pressure.

4.4. Interfacial tension and wettability

The measured interfacial tension is shown in Table 5. It can be
seen that the interfacial tension between distilled water and oil is
the largest, followed by the formation water. As the concentration
of surfactant increases, the oil-water interfacial tension
decreases.
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Core 11

Core 5
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Core 16

Fig. 5. Oil-saturated cores after fracturing.

Table 4
Core parameters before and after fracturing.

Core No. Length, cm Diameter, cm Initial Permeability, mD Permeability after fracturing, mD Increasing times of permeability Fracture aperture, pm Type of fracture

5 4.694 2.522 0.105 27.209
11 5.677 2493 0.073 0.136
16 5.616 2.495 0.086 15478

258.133 1.64 Single fracture
0.874 0.09 Cross fracture
178.979 143 Cross fracture

A summary of the contact angles of each core in different
imbibition fluids is shown in Table 6. Some core contact angles
measured are shown in Fig. 7. It can be found that the contact angle
between the oil droplet and the core slice in the formation water is
between 44° and 67°, indicating that experimental cores are water-
wet. After adding the surfactant, the contact angle decreased
slightly, ranging from 41.34° to 50.47°, indicating the water
wettability of the core increased slightly.

4.5. Imbibition results

The imbibition results of 13 tight sandstones are shown in
Table 7. The saturation of tight sandstone is more than 78% at
25 MPa. The saturation of Core 10 and Core 11 is greater than 1,
which may be due to the high saturation pressure, resulting in
micro-fractures in the tight sandstone. In addition, due to small
core porosity, the existence of systematic error in the weighing
process may also make their saturation greater than 1. The recovery
at different times in the imbibition process is shown in Fig. 8. It can
be found that there are certain differences in the imbibition re-
covery rate of different cores. The difference in the core imbibition
recovery is caused by many factors. Based on the experimental
results, the influences of fracture, core porosity and permeability,
and surfactant on imbibition are discussed in the next section.

5. Discussion
5.1. Effect of fracture on imbibition

The imbibition recovery and imbibition rate of 3 fractured cores
and 2 control cores are shown in Fig. 9. It can be seen that the core
imbibition recovery shows a significant increase after the physical
fracturing, with a maximum increase of about 10% (Core 11).
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Comparing the imbibition rate of each core, it can also be found that
the core imbibition rate shows a certain increase after fracturing.
Core 5 has a single fracture and Core 11 has a cross fracture. When
the imbibition liquid is formation water, compared with Core 20,
the maximum imbibition rate of Core 5 increases by about 5 times,
and the maximum imbibition rate of Core 16 increases by more
than 10 times. This indicates that the existence of fractures can
increase the imbibition rate of the tight sandstone, and with the
increase in the number of fractures, the imbibition rate increases.
After the core imbibition rate reaches the maximum value, the
imbibition rate begins to decrease. As shown in Fig. 9, Core 16
imbibition rate decreases the fastest, followed by Core 5, and Core
20 is the slowest, indicating that there is a certain correlation be-
tween the core imbibition decline and the core imbibition growth.
The faster the core imbibition rate increases, the faster it decreases
accordingly. Therefore, large-scale fracturing can improve the
initial production rate of the oilfield, but the production rate de-
creases rapidly in the later stage of oilfield production. Fracturing
should be carried out reasonably in the actual development
process.

At the same time, it can be found from Fig. 9 that when the
imbibition liquid is the same, the time when oil starts to be pro-
duced from fractured tight sandstone is earlier than that of the
unfractured core. This indicates that the existence of fractures not
only increases the contact area between the core and the imbibition
fluid, enhances the imbibition effect of the pores, but also provides
a seepage channel for the fluid flow, which accelerates the fluid
production rate in the core.

In this study, the oil droplets on the core surface during the
imbibition process were observed, as shown in Fig. 10. It can be
seen that at the beginning of imbibition, oil droplets first appeared
at the fractures of the core, and with the increase in time, the oil
droplets gradually became larger and eventually separated from
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Fig. 6. Core permeability under different confining pressures.

Table 5

Interfacial tension between oil and different imbibition fluids.
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the core surface. Though imbibition fluids of Core 5 and Core 16
both are formation water, the distribution of their oil droplets on
the core surface is different. The number of oil droplets adsorbed on
the surface of Core 16 is relatively less. This is because that the
fracture distribution of Core 5 and Core 16 is different. The cross
fractures of Core 16 make the number of fractures more than Core 5.
During the core imbibition process, the oil produced by matrix
imbibition is mainly discharged through the fractures, resulting in
few oil droplets adsorbed on the core surface with the increase in
fractures.

In addition, it can be found from Fig. 10 that the radius of the oil
droplets adsorbed on Core 5 is relatively large. This is because that
the interfacial tension between the formation water and the
simulated oil is large, and the small oil droplets cannot be separated
from the core surface in time. The oil droplets at the core surface
continue to accumulate, forming large oil droplets. While the oil
droplets in Core 16 are mainly produced at the fractures, and more
fractures in the core make the oil droplets in the core easier to flow,
which is also the main reason why the imbibition rate of the Core 16
is relatively large at the beginning of the imbibition.

5.2. Effect of porosity and permeability on imbibition

The imbibition fluid in this study is dodecylbenzene sulfonate
(SDBS) with a mass concentration of 0.15%. Comparing the recovery
with core porosity and permeability, it is found that there is no
obvious correlation. For example, the porosity and permeability of
Cores 8, 2, and 4 increase in turn, but the imbibition recovery of
these cores do not change significantly. At the same time,
comparing Cores 4 and 13, it can be found that although their
porosity and permeability are similar, the difference in imbibition
recovery between them is nearly 10%. The results show that only
the porosity and permeability of the core cannot directly charac-
terize the core imbibition capacity. It can be found from Table 7 that
the oil saturation of these cores are different, which reflects the
pore connectivity in the cores to a certain extent. Except that Core
10 has a large error due to the excessively low porosity, it has a
certain relationship between the core imbibition recovery and the
core saturation. The reason that the imbibition recovery of Cores 13
and 19 is significantly higher than other cores may be due to the
better connectivity. Liu et al. (2021) also discussed the effect of pore
connectivity on spontaneous imbibition in their study. They found
that the mainstream imbibition area of the core increase with the
pore connectivity and can be regarded as a good indicator of the
imbibition efficiency of tight sandstone.

However, comparing the imbibition rate with core porosity and
permeability, it can be found that with the core porosity and
permeability increase, the imbibition rate increase in the initial
stage of imbibition, and the imbibition rate decays rapidly in the
middle and late stages of imbibition. As shown in Fig. 11, Core 4 has
the largest porosity and permeability, its imbibition rate is much
higher than that of other cores at the initial stage of imbibition.
With the progress of imbibition, the core imbibition rate decreases
rapidly, which is lower than other cores with similar permeability.

In addition, it can be found from Fig. 11 that the imbibition rate
of Cores 8 and 10 is much lower than that of other cores, and the
time the oil starts to be produced is later than others. Even after the

Imbibition fluid type

Distilled water

Formation water

0.05% SDBS 0.15% SDBS 0.20% SDBS

IFT, mN/m

14.91

10.62

7.23 4.67 3.63
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Table 6

Contact angles between oil droplets and cores in different imbibition fluids.
Core No. Contact angles of formation water, ° SDBS

Mass concentration, % Contact angles, °

1 64.08
2 46.38 0.15 42.47
3 49.41 0.05 46.69
4 55.39 0.15 50.47
8 54.59 0.15 49.70
10 56.95 0.15 45.05
13 4445 0.15 43.06
14 51.58 0.20 47.75
19 48.72 0.15 41.34
20 66.87

(b) Sample 10

6] Sample 19

(d) Sample 10

Fig. 7. Measurement of the contact angle between oil drop and core slice in different imbibition fluids. (a, b, ¢) Contact angles in formation water; (d, e, f) Contact angles in
surfactant solution.

Table 7
Summary of imbibition results.
Influencing factor Core No. Porosity, % Permeability, mD Saturation Imbibition fluid Fracture Recovery, %
Contrast group 1 11.398 0.041 0.839 Distilled water Non-fracture 184
20 12.081 0.195 0.931 Formation water Non-fracture 17.7
Fracture 5 12.110 27.209 0.988 Formation water Single fracture 253
16 7.930 0.136 0.958 Formation water Cross fracture 214
11 9.020 15.478 1.213 Distilled water Cross fracture 26.7
Permeability and porosity 8 2973 0.004 0.918 0.15% SDBS Non-fracture 234
2 8.933 0.018 0.895 0.15% SDBS Non-fracture 224
4 11.450 0.036 0.800 0.15% SDBS Non-fracture 223
10 3414 0.030 1.015 0.15% SDBS Non-fracture 8.6
19 7.228 0.028 0.962 0.15% SDBS Non-fracture 323
13 11.918 0.033 0.901 0.15% SDBS Non-fracture 314
Surfactant 3 7.441 0.018 0.781 0.05% SDBS Non-fracture 22.1
14 7.544 0.013 0.827 0.20% SDBS Non-fracture 29.4
19 7.228 0.028 0.962 0.15% SDBS Non-fracture 323
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Fig. 8. Curves of tight sandstone imbibition recovery with imbibition time. (a) Unfractured core; (b) Fractured core.

(a) 30
e g% %e v
25 ] ~ oo %o
20 1
* — 9T e0 © 00y & O
& y® L] ° o8
>
Q 154
Q
[&]
(0]
o
109 L
{ —— Core 5 (single fracture, formation water)
) —— Core 11 (cross fracture, distilled water)
51 Core 16 (cross fracture, formation water)
[- Core 1 (non-fracture, distilled water)
2
e —— Core 20 (non-fracture, formation water)
0 < T T T T T

6000 8000 10000 12000

Time, min

Fig. 9. Imbibition recovery (a) and imbibition rate (b)

imbibition rate of the other cores began to decrease, they still do
not produce oil. Core 8 has a permeability of 0.004 mD and a
porosity of 2.973%. Core 10 has a permeability of 0.030 mD and a
porosity of 3.414%. Although the permeability difference between
the two cores is about 8 times, their porosity is similar, much lower
than other cores. Therefore, we believe that the porosity may make
the poor pore throat connectivity and lower seepage capacity. This
makes the core imbibition rate slower and the time the oil starts to
be produced later than other cores.

5.3. Effect of surfactant on imbibition

Cores 1, 2, 14, 19, and 20 are tested with different imbibition
fluids. The recovery and imbibition rate of each core is shown in
Fig. 12. Comparing the recovery of each core, it can be found that
adding surfactant can improve the recovery of the core and the
maximum increase is about 10% (Core 19). Adding surfactant, the
contact angle between oil drop and core changes little, but the
oil—water interfacial tension changes obviously. With the increase
in surfactant mass concentration, the interfacial tension between
SDBS and simulated oil decreases. Therefore, we discussed the ef-
fect of interfacial tension on imbibition. It can be seen that the core
imbibition recovery of 0.05%, 0.15%, and 0.2% SDBS is 22.1% (Core 3),
32.3% (Core 19), and 29.4% (Core 14), respectively. When the
oil—-water interface tension is too low, the core imbibition recovery
begins to decline. Liu (2019) also described this phenomenon.

(b) 0.0025
—e— Core 5 (single fracture, formation water)
—e— Core 11 (cross fracture, distilled water)
Core 16 (cross fracture, formation water)
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©
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of fractured tight sandstones and control tight sandstones.
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When using cationic surfactant solution as the imbibition liquid,
the oil—water interfacial tension is very low, and the imbibition
cannot be performed. Therefore, we believe that reducing
oil-water interfacial tension to improve imbibition recovery has a
certain scope of application. In a certain range, the imbibition re-
covery increases with the increase in surfactant mass
concentration.

Adding surfactant can not only improve the core imbibition re-
covery but also improve the core imbibition rate in the initial stage of
imbibition. The initial imbibition rate increases with the increase in
surfactant concentration. As shown in Fig. 13b, the imbibition rate of
Core 14 with 0.20% SDBS is the largest in the initial stage of imbi-
bition, followed by Core 19 with 0.15% SDBS, and Core 3 with 0.05%
SDBS is the smallest. But similarly, the faster the imbibition rate in
the initial stage of imbibition, the faster the imbibition rate decreases
in the middle and late stages of imbibition.

During the experiment, the size and distribution of oil droplets
on the core surface were observed, as shown in Fig. 13. With the
addition of surfactant, the distribution of oil droplets on the core
surface is significantly reduced, which may be a reason for the
improvement of core imbibition rate and oil recovery. At the same
time, it can be seen that the oil droplets, which are produced under
the action of capillary force, are mainly distributed on the core
surface texture.

In addition, it can be found from Fig. 12 that the imbibition re-
covery and imbibition rate of Core 1 are higher than Core 20. The
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Core No. Imbibition 1 h Imbibition 6 h Imbibition 20 h Imbibition 30 h

5
(single
fracture,
formation
water)

1
(cross
fracture,
distilled
water)

16
(cross
fracture,
formation
water)

i

Fig. 10. Variation of oil droplets adsorbed on the surface of three cores. The first row is Core 5, the second row is Core 11, and the third row is Core 16.
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Fig. 11. Imbibition recovery (a) and imbibition rate (b) of cores with different porosity and permeability.

imbibition fluid of Core 1 is distilled water, and the imbibition fluid
of Core 20 is formation water. The difference in salinity between the
two imbibition fluids may be the main reason for the large differ-
ence in the imbibition rate of the two cores. This phenomenon has

also been observed in the imbibition experiment of tight sandstone
with fractures. When distilled water as the imbibition fluid, the
imbibition recovery is significantly higher than the formation water
as the imbibition fluid, as shown in Table 7. Studies have shown that
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Fig. 12. Imbibition recovery (a) and imbibition rate (b) of cores in different imbibition fluids.

(d)

Fig. 13. Size and distribution of oil droplets on the core surface during imbibition. (a) Core 1 in distilled water; (b) Core 20 in formation water; (c) Core 3 in 0.05% SDBS; (d) Core 19

in 0.15% SDBS; (e) Core 14 in 0.20% SDBS.

the imbibition fluid with low salinity is conducive to the adsorption
of water to the core surface, accelerates the shedding of oil droplets
on the core surface, and improves the imbibition recovery (Yang
et al., 2016b; Zhu et al., 2022). Comparing the adsorption of oil
droplets on the surfaces of the two cores, it can be found that Core
20 has larger and more oil droplets adsorbed on the core surface.

6. Conclusions

In this study, combined with HPMI and NMR experiments, the
pore-throat structures of the Chang 7 tight sandstone were
described. Through physical fracturing experiments, interfacial
tension and wettability tests, the influence of fractures, core
porosity and permeability, and surfactants on imbibition are stud-
ied, and the following conclusions are drawn:

(1) The pores of tight sandstone from the Chang 7 formation in
the Erdos Basin are dominated by micro-nano pores, with
pores radius concentrated at 0.01—1 pm. Compared with
HPMI, NMR can additionally measure pores of 1-10 nm in
the cores, to accurately describe the distribution of nano-
pores in the tight sandstone.

(2) Fractures can improve imbibition recovery in tight cores with
a maximum increase of about 10%. The existence of fractures
provides channels for fluid seepage in the core and reduces
the adsorption of oil droplets on the core surface. In the early
stage of imbibition, with the increase in the number of
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fractures, the number of oil droplets adsorbed on the core
surface decreases, and the imbibition rate increases
exponentially.

(3) The core porosity and permeability have a great influence on
the core imbibition rate. The greater the porosity and
permeability of the cores, the higher the imbibition rate in
the early stage of imbibition and the earlier the oil is dis-
placed out. At the same time, oil recovery increases with
better pore connectivity.

(4) Surfactant can improve the oil imbibition recovery about 15%
by enhancing the water wettability of the core surface,
reducing the interfacial tension and reducing the adsorption
of oil droplets on the core surface. Besides, the imbibition
fluid with low salinity is conducive to the adsorption of water
to the core surface, accelerates the shedding of oil droplets,
and improves the imbibition rate and oil recovery.
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