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a b s t r a c t

Quantifying how inorganic and organic porosity co-evolve in shale during burial and later uplift is a key 
scientific  issue for constraining shale-gas occurrence, storage capacity, and enrichment mechanisms. 
Despite extensive studies, major uncertainties remain regarding (1) quantitatively separating 
compaction-driven inorganic pore loss from maturity-controlled organic pore generation and (2) 
restoring porosity under in situ effective stress through geological time. Here we develop an integrated 
quantitative framework for the Wufeng–Longmaxi shale gas reservoirs in the southern Sichuan Basin, 
China. Core samples from production wells, in which porosity is primarily controlled by total organic 
carbon (TOC), were selected to minimize the interference of mineral composition and compaction 
heterogeneity. Using a TOC–porosity-intercept approach, inorganic porosity was calculated from the 
intercept of the porosity–TOC linear relationship and its burial evolution was reconstructed with a 
compaction model constrained by well burial histories. Organic porosity was quantified by extracting 
organic-matter surface porosity from field-emission  scanning electron microscopy (FE-SEM) images 
using ImageJ, and a maturity-dependent organic porosity evolution model was established from sam
ples spanning different thermal maturities. Total porosity evolution in the Luzhou, Changning, Weiyuan, 
and Western Chongqing blocks was reconstructed by integrating the inorganic- and organic-porosity 
models, and in situ porosity was further restored using pressure-confined  porosity experiments. Re
sults indicate that inorganic porosity decreases sharply with burial depth, from an initial value of ~50% 
to 2.47%–4.05% at maximum burial, mainly controlled by mechanical compaction. Organic porosity 
increases after entering the hydrocarbon generation window and peaks at 1.54%–1.79%, reflecting pore 
generation during organic matter transformation. Consequently, total porosity declines to 4.16%–5.76% 
with increasing burial depth, demonstrating that compaction outweighs hydrocarbon-generation- 
related porosity creation. Restored in situ porosity fluctuates  slightly during subsidence but exhibits 
an overall decreasing trend, reaching 2.34%–3.78% at maximum burial, and then shows only a modest 
rebound during late-stage tectonic uplift to 2.49%–4.17% at present. Uncertainties are quantified  via 
bootstrap/Monte Carlo propagation and reported as 95% prediction intervals. These results highlight the 
coupled controls of compaction, hydrocarbon generation, and tectonic unloading on shale pore evolu
tion and provide a quantitative basis for predicting the distribution of high-quality shale reservoirs.
© 2026 Publishing services by Elsevier B.V. on behalf of KeAi Communications Co. Ltd. This is an open 

access article under the CC BY-NC-ND license (http://creativecommons.org/licenses/by-nc-nd/4.0/).

1. Introduction

Understanding the coupled evolution of inorganic and organic 
porosity in shale reservoirs is fundamental to elucidating shale- 
gas occurrence, evaluating reservoir quality, and constraining hy
drocarbon accumulation and enrichment mechanisms (Loucks 
et al., 2009; Milliken et al., 2013; Tang et al., 2025). Theoretically, 
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shale porosity is governed by the coupled effects of sedimentation 
and diagenesis (Athy, 1930; Curtis et al., 2012; Hedberg, 1936; 
Kuila et al., 2014). During sedimentation, initial porosity is gov
erned by particle attributes such as grain size, roundness, and 
sorting. During diagenesis, mechanical compaction, mineral pre
cipitation and dissolution, and hydrocarbon generation from 
organic matter collectively increase or decrease reservoir porosity 
(Dong et al., 2026; Emmanuel et al., 2010; Mathia et al., 2016; 
Navarre-Sitchler et al., 2009; Neuhoff et al., 1999; Pommer and 
Milliken, 2015; Stack et al., 2014; Wang et al., 2024). Conse
quently, shales with varying sedimentary compositions exhibit 
pronounced porosity differences during diagenetic evolution, 
resulting in significant heterogeneity in reservoir space types and 
their proportions (Zhou et al., 2024). This heterogeneous pore 
structure markedly affects the gas–water occurrence states within 
shales. For instance, clay mineral pores primarily contain bound 
water (Zhang and Liu, 2021), while organic matter pores typically 
host both adsorbed and free gas (Sang et al., 2016). This suggests 
that even at identical total porosity values, the spatial heteroge
neity in gas content can be substantial due to variations in the 
proportions of organic and inorganic porosity. Therefore, quanti
tatively reconstructing the dynamic evolution of organic, inor
ganic, and total porosity throughout the geological history of shale 
reservoirs can significantly advance our understanding of shale gas 
occurrence mechanisms and reservoir performance. It also pos
sesses considerable theoretical and practical importance for 
deciphering shale gas accumulation processes, predicting gas 
content, and identifying favorable zones for exploration.

Current approaches for evaluating shale porosity evolution 
through geological time can be grouped into four main categories: 
(1) Porosity evolution inferred from simulation experiments. This 
approach includes two primary methodologies: one involves 
conducting burial simulation experiments on modern lake or 
marine sediments under controlled temperature and pressure 
conditions (Bei and Wang, 1985; Chen and Tian, 1989), focusing on 
the effects of mechanical compaction on inorganic porosity; the 
other employs thermal maturation experiments on low-maturity 
shale (Chen et al., 2025; Hu et al., 2024; Xu et al., 2025), aimed 
at assessing porosity changes resulting from hydrocarbon gener
ation by organic matter. However, it is often difficult  to fully 
replicate in situ geological conditions, such as temperature, pres
sure, and time scale, in laboratory settings, leading to significant 
discrepancies between experimental results and actual observa
tions. For example, deeply buried (>2500 m), highly mature shales 
in the Sichuan Basin and the southern North China Basin exhibit 
average porosities of 3.02% (Zou et al., 2010) and 2.8% (Yang and 
Guo, 2020a), respectively, whereas simulation experiments typi
cally yield porosity values exceeding 4% (Chen and Xiao, 2014; Guo 
and Mao, 2019; Xie et al., 2014). These inconsistencies highlight 
the limitations of experimental simulations in quantitatively 
characterizing porosity evolution. (2) Porosity evolution inferred 
from natural shale samples at varying depths and maturities. This 
method analyzes trends in porosity or density differences across 
different burial depths and thermal maturity levels (Athy, 1930; 
Baldwin and Butler, 1985; Dzevanshir et al., 1986; Puttiwongrak 
et al., 2020). While effective in revealing general trends in total 
porosity evolution under broad compaction regimes, it often 
overlooks compositional heterogeneity and the complex impacts 
of late diagenetic processes (e.g., hydrocarbon generation and 
dissolution). Consequently, its ability to elucidate the underlying 
mechanisms of porosity evolution remains limited. (3) Porosity 
evolution inferred through mass-balance calculations based on 
kerogen volume reduction during hydrocarbon generation (Chen 
and Jiang, 2016; Chen et al., 2014). This approach focuses primar
ily on changes in organic porosity but fails to account for pore 

volume occupied by heavy hydrocarbons, such as bitumen, 
thereby introducing potential inaccuracies. (4) Porosity evolution 
determined through microscopic quantification  of porosity 
changes associated with specific diagenetic processes (e.g., disso
lution, cementation, hydrocarbon generation), integrated with 
diagenetic sequences and compaction curves. Theoretically, this 
method is scientifically  robust and has been widely applied in 
sandstone studies (Bello et al., 2022; Lin et al., 2026; Zhang et al., 
2023; Zhou et al., 2023). However, due to the inherently low 
porosity, fine grain size, and compositional complexity of shales, 
precise identification of diagenetic types, accurate determination 
of their timing, and quantitative estimation of their impact on 
porosity remain challenging. These limitations currently restrict 
the method's applicability and accuracy in studies of shale 
porosity evolution.

The dynamic evolution of shale porosity over geological history 
remains a central challenge in petroleum exploration. Although 
significant efforts have been devoted to assessing shale porosity, a 
universally accepted scientific evaluation framework has yet to be 
established. This study focuses on the Wufeng–Longmaxi shale 
formation in the southern Sichuan Basin. Based on extensive 
porosity measurements from shale-gas wells and TOC data, we 
propose a quantitative approach based on the TOC–porosity rela
tionship to constrain inorganic porosity and reconstruct its evo
lution. In addition, using field  emission scanning electron 
microscopy (FE-SEM) images of shale samples at varying matu
ration stages, we established a systematic model for organic 
porosity evolution. Furthermore, pressure-confined  porosity ex
periments were used to calibrate the effective-stress correction 
and thereby restore in situ porosity through geological time.

This study systematically examines four shale gas blocks, Luz
hou, Changning, Weiyuan, and Western Chongqing, in southern 
Sichuan to address the following critical scientific questions.

(1) How can quantitative evolution models of total, inorganic, 
and organic porosity be established for the Wufeng– 
Longmaxi shale reservoirs in southern Sichuan?

(2) How did total, inorganic, and organic porosity evolve 
through geological time in the Wufeng–Longmaxi shales of 
southern Sichuan?

(3) What differences in total, inorganic, and organic porosity 
exist among the Luzhou, Changning, Weiyuan, and Western 
Chongqing blocks, and what controls these differences?

By addressing these questions, this study not only advances the 
theoretical understanding of the interplay between inorganic and 
organic porosity and their collective impact on porosity evolution, 
but also offers new scientific  insights into shale gas occurrence, 
reservoir behavior, and accumulation mechanisms. The findings 
provide critical theoretical support for shale gas exploration in the 
southern Sichuan Basin, while also delivering valuable references 
and implications for both emerging and established shale gas plays 
worldwide.

2. Geological background

The Sichuan Basin, located on the southwestern Yangtze Block, 
has undergone multiple major tectonic events throughout its 
geological history, including the Caledonian, Hercynian, Indosi
nian, Yanshanian, and Himalayan movements, resulting in a 
complex history of sedimentation and tectonic evolution (Hao 
et al., 2008; Shi et al., 2024; Tang et al., 2021). Southern Sichuan 
lies in the southern part of the Sichuan Basin (Guo et al., 2020; 
Huang et al., 2012) and includes four principal study blocks: Luz
hou, Changning, Weiyuan, and Western Chongqing (Fig. 1(a)).
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The Upper Ordovician Wufeng Formation–Lower Silurian 
Longmaxi Formation was deposited in a deep-water shelf setting 
and constitutes a typical marine shale succession (Fig. 1(b)). Owing 
to its wide distribution, large thickness, and high organic-matter 
abundance, it is the principal target for shale-gas exploration in 
southern Sichuan Basin (Chen et al., 2024; Jin et al., 2018; Mu et al., 
2025; Zhang et al., 2025). Organic-rich shale is mainly developed 
in the lower Member 1 of the Longmaxi Formation (LMX1-1) (Guo 
et al., 2004; Ma et al., 2020; Mou et al., 2014; Wang et al., 2015a, 
2015b; Zhang et al., 2022), which is dominated by calcareous 

siliceous shale and siliceous shale and serves as the main pro
ducing interval in this study area. Organic matter in this interval is 
dominated by Types I and II kerogen. TOC ranges from 0.48% to 
10.15%, but is mainly concentrated between 2.0% and 5.0%. Organic 
maturity is generally higher than 2.0% Ro, indicating an over- 
mature stage dominated by dry-gas generation (Borjigin et al., 
2017; Ma et al., 2023; Xiao et al., 2015; Yang et al., 2015; Zhang 
et al., 2021; Zhao et al., 2016). Core data show that the average 
TOC contents of the Wufeng–Longmaxi Formation are 3.29% in 
Luzhou, 2.88% in Changning, 3.21% in Weiyuan, and 3.16% in 

Fig. 1. Regional geological setting of the Wufeng–Longmaxi Formation in southern Sichuan Basin. (a) Structural framework of Sichuan Basin showing the four major study blocks 
in southern Sichuan Basin; (b) lithological columnar section of the sedimentary sequence; (c1)–(c4) burial history, thermal history, and formation fluid pressure evolution of the 
Luzhou, Changning, Weiyuan, and Western Chongqing blocks, respectively. Formation pressure evolution data are from Miao et al. (2023); Nie et al. (2021); Sun et al. (2024); Wu 
et al. (2022).
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Western Chongqing. The corresponding average clay-mineral 
contents are 21.17%, 31.90%, 36.40%, and 23.96%, respectively.

Burial history and formation pressure evolution (Fig. 1(c)) indi
cate that the stratigraphic evolution of the Wufeng–Longmaxi For
mation in southern Sichuan can be divided into three stages: rapid 
compaction, compaction and hydrocarbon generation, and uplift.

(1) Rapid compaction stage: This stage begins with initial 
deposition and continues until organic matter approaches 
the hydrocarbon-generation threshold (Ro < 0.5%). The 
Weiyuan Block exited this stage at approximately 253 Ma, 
whereas the Luzhou, Changning, and Western Chongqing 
blocks exited it at approximately 435 Ma. Following deposi
tion, the Luzhou, Changning, and Western Chongqing blocks 
underwent rapid subsidence, resulting in a rapid increase in 
burial depth. In contrast, the Weiyuan Block experienced 
only limited initial subsidence and underwent a minor uplift 
lasting approximately 150 Myr, after which subsidence 
resumed. By the end of this stage, burial depths were 1585 m 
(Luzhou), 1610 m (Changning), 1530 m (Weiyuan), and 
1240 m (Western Chongqing). Formation pressures in all four 
blocks were hydrostatic, primarily controlled by overlying 
strata, with no abnormal pressures observed.

(2) Compaction and hydrocarbon generation stage: This stage is 
the key period of shale-reservoir evolution and spans 
approximately 253–69 Ma for Weiyuan, 435–80 Ma for 
Luzhou, 435–70 Ma for Changning, and 435–60 Ma for 
Western Chongqing. During this stage, organic matter 
entered the hydrocarbon-generation window (Ro = 0.5%), 
and maturity increased continuously to values above 2.5% in 
all four blocks. After entering this stage at approximately 
253 Ma, the Weiyuan Block underwent progressive burial. In 
contrast, the Luzhou, Changning, and Western Chongqing 
blocks entered this stage at approximately 435 Ma, experi
enced a minor uplift lasting approximately 150 Myr, after 
which burial depth and organic maturity increased. These 
three blocks also underwent another brief uplift between 
approximately 245 Ma and 225 Ma, after which subsidence 
resumed. Changning maintained steady subsidence, while 
the other three blocks showed variable patterns (slow
–fast–slow) until reaching maximum burial. Maximum 
burial depths and maturities (shallowest to deepest) were: 
Weiyuan (5620 m, Ro = 2.89%), Changning (5990 m, 
Ro = 2.85%), Luzhou (6590 m, Ro = 3.51%), and Western 
Chongqing (6730 m, Ro = 3.21%). Reservoir diagenesis dur
ing this stage was controlled by both inorganic (mechanical 
compaction) and organic (hydrocarbon generation) pro
cesses, with abnormal formation pressures developing due 
to hydrocarbon generation.

(3) Uplift stage: From the end of compaction and hydrocarbon 
generation to the present, this stage marks the cessation of 
hydrocarbon generation. Uplift in Changning occurred in 
four phases (slow–fast–slow–fast), with the largest magni
tude and highest rate. Weiyuan and Western Chongqing 
experienced two phases (slow then fast), whereas Luzhou 
had the smallest uplift. Regarding formation pressure, 
Changning and Western Chongqing showed relatively 
steady reductions, while Luzhou and Weiyuan underwent 
multi-stage (fast–slow–fast) pressure declines. Present-day 
burial depths are 3780 m (Luzhou), 2600 m (Changning), 
2780 m (Weiyuan), and 3920 m (Western Chongqing), with 
corresponding formation pressures of 86, 50, 47, and 
70 MPa. These differences in uplift and pressure evolution 
provide critical insights into the late-stage modification and 
preservation of shale gas reservoirs.

3. Evolution model of shale porosity

3.1. Theoretical model

Shale pores can be classified  into two main types based on 
reservoir space: inorganic pores and organic pores. The evolution 
of porosity over geological time can be summarized as follows: 

φ(t) = φinOM(t) + φOM(t) (1) 

where φ(t), φinOM(t), and φOM(t) denote the total, inorganic, and 
organic porosity, respectively, at a given geological time; all values 
are expressed in %.

Here, Eq. (1) is used as an operational decomposition of total 
porosity. We acknowledge that organic matter may locally occupy 
or line pre-existing inorganic pores, so the two pore systems are 
not necessarily perfectly exclusive; however, such overlap is 
treated as a secondary effect and is not parameterized explicitly in 
this study.

Following initial sediment deposition, burial compaction leads 
to particle rearrangement, gradually reducing overall inorganic 
porosity (Anovitz et al., 2013; Athy, 1930; Dewhurst et al., 1999; 
Emmanuel et al., 2015; Neuzil, 1994). Simultaneously, geochem
ical processes, such as mineral precipitation and dissolution, can 
substantially alter pore networks, either enlarging or reducing 
void spaces (Anovitz and Cole, 2015; Emmanuel et al., 2010; 
Navarre-Sitchler et al., 2009; Stack et al., 2014). Consequently, 
inorganic porosity in shale (φinOM) is primarily controlled by two 
main factors: (1) mechanical compaction and (2) mineral 
dissolution–precipitation reactions. This process can be written as: 

φinOM(t) = φinOM(0) − Δφmp(t) + Δφdissolved(t)

− Δφprecipitated(t) (2) 

where φinOM(0) is the initial inorganic porosity at deposition, %; 
Δφmp(t) is the porosity loss due to mechanical compaction, %; 
φdissolved(t) is the porosity increase from mineral dissolution, %; 
Δφprecipitated(t) is the porosity reduction from mineral precipita
tion, %.

In principle, inorganic porosity may be influenced  by both 
mechanical compaction and chemical diagenesis (dissolution/ 
precipitation). For the studied LMX1-1, the present implementa
tion does not explicitly parameterize mineral-specific  chemical 
terms and instead treats the net chemical contribution as a 
second-order effect at the working scale of this study. Represen
tative FE-SEM observations do not show pervasive pore-filling 
silica/quartz cement at the examined scale, although local silica 
redistribution cannot be ruled out. Therefore, the compaction- 
dominated model used here should be regarded as a first-order 
approximation rather than as evidence that quartz cementation 
is absent.

During hydrocarbon generation from organic matter, solid 
organic matter is transformed into liquid or gaseous hydrocarbons. 
This transformation induces volume changes in the original solid 
matter, leading to the formation of organic pores. The size of these 
organic pores is mainly determined by the type, abundance, and 
maturity of the organic matter. For a given type of organic matter, 
the evolution of its organic porosity over geological time can be 
described mathematically as: 

φOM(t) = f (TOC;Ro) (3) 

After determining separately: (1) the initial porosity at the time 
of sediment deposition, (2) the effects of compaction, dissolution, 
and precipitation on inorganic pores, and (3) the quantitative 
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evolution of organic porosity, a quantitative model for the evolu
tion of total porosity over geological time can be established.

3.2. Actual porosity evolution model of the Wufeng–Longmaxi 
Formation in southern Sichuan Basin

3.2.1. Inorganic porosity evolution model
The change in porosity due to mineral precipitation and 

dissolution is governed by the rates and durations of these re
actions (Appelo and Postma, 2004; Baqer and Chen, 2022; 
Hommel et al., 2018). Shale reservoirs in the Wufeng–Longmaxi 
Formation of southern Sichuan Basin display low porosity and 
poor permeability, resulting in limited fluid  exchange. Conse
quently, the effects of dissolution and precipitation on porosity are 
relatively minor (Wang et al., 2012, 2014; Zou et al., 2010). 
Therefore, in this study, inorganic porosity evolution is modeled 
primarily as a function of burial-driven mechanical compaction. To 
quantitatively describe the effect of mechanical compaction on 
inorganic porosity, the exponential model proposed by Athy 
(1930) is widely used to describe the compaction process (Guo 
et al., 2017; Korvin, 1984; Puttiwongrak et al., 2020; Yang and 
Guo, 2020b). 

φinOM =φ0 × e− cz (4) 

where φinOM represents the inorganic porosity retained after burial 
compaction at depth z, %; φ0 represents the initial porosity of the 
original sediment, %; c is a region-dependent compaction coeffi
cient; and z denotes burial depth, km. The initial porosity of sed
iments is influenced  by multiple factors, including variations in 
sediment composition and hydrodynamic conditions during 

deposition. Studies on subaqueous sediments, such as lake-floor 
and seabed deposits, indicate that initial porosity typically 
ranges from 50% to 70%. (Chen and Tian, 1989; Giles et al., 1998; 
Hegarty et al., 1988; Sclater and Christie, 1980; Underdown and 
Redfern, 2008; Zhang et al., 1992). The Athy model was originally 
developed for argillaceous sediments; here, its exponential form is 
used as a locally calibrated first-order  approximation of burial- 
driven compaction. For the quartz-rich LMX1-1, the fitted coeffi
cient c implicitly incorporates lithology-specific  compaction 
behavior, including the relatively rigid quartz-clay framework.

In constructing a quantitative evolutionary model for inorganic 
porosity, accurately determining the inorganic porosity of shale 
reservoirs is the critical first  step. Previous studies indicate that 
total organic carbon (TOC) exerts an important control on porosity 
development in the Wufeng–Longmaxi Formation shale reservoirs 
of southern Sichuan (Chen et al., 2012; Ma et al., 2020), although 
other factors such as mineral composition, formation pressure, 
and burial depth may also contribute.

In this study, inorganic porosity was quantified  using the 
intercept of the porosity–TOC regression for well/interval datasets 
in which porosity shows a strong positive linear correlation with 
TOC. In such datasets, a distinct linear relationship exists between 
shale porosity and TOC (Fig. 2(a)), indicating that TOC is the 
dominant control on porosity variation; the intercept of this 
regression is taken as the inorganic porosity of the shale interval. 
Conversely, when no clear correlation exists between porosity and 
TOC (Fig. 2(b)), TOC cannot be considered the dominant control, 
and the intercept method is not regarded as applicable.

To ensure transparency and reproducibility, objective screening 
criteria were applied to each well/interval dataset: n ≥ 10, positive 
slope (k > 0), R2 ≥ 0.70, and a statistically significant  slope 

Fig. 2. Methodology for determining inorganic porosity and its evolutionary model. (a) Strong linear positive correlation between porosity and TOC, where inorganic porosity 
equals the intercept value; (b) no significant linear relationship between porosity and TOC; inorganic porosity cannot be derived through this method; (c) evolutionary model of 
inorganic porosity.

G.-S. Xiao, N.-W. Zhou, Q.-H. Hu et al. Petroleum Science 23 (2026) 5319–5333

5323



(p < 0.01). A total of 36 well/interval datasets with paired 
porosity–TOC measurements were initially screened, of which 13 
wells (total n = 368 data points) satisfied  these criteria, with 
n = 14–56 per well and R2 = 0.735–0.910; the remaining 23 
datasets were rejected because they failed one or more screening 
conditions. These rejected datasets were not discarded arbitrarily; 
rather, they represent intervals in which TOC is not the dominant 
control on porosity, and therefore the intercept method is not 
considered applicable. Regression statistics and intercept uncer
tainty (95% confidence  interval) for the accepted datasets are 
provided in Supplementary Table S1.

By applying Eq. (4) to the inorganic porosity data from multiple 
shale gas wells, an evolutionary model for inorganic porosity in the 
Wufeng–Longmaxi Formation shale gas reservoirs of southern 
Sichuan Basin was established (Fig. 2(c)). 

φinOM = 50⋅e− 0:447⋅z (5) 

3.2.2. Organic porosity evolution model
Benefiting from advances in electron microscopy, the combined 

technique of argon-ion polishing and scanning electron micro
scopy (SEM) can now clearly resolve widely developed micro- to 
nanoscale organic pores in shale reservoirs (Lin et al., 2024; 
Loucks et al., 2012; Wu et al., 2015). In this study, organic matter 
surface porosity was quantitatively extracted from argon-ion 
polished field  emission scanning electron microscopy (FE-SEM) 
images of shale samples at varying maturities using ImageJ soft
ware. The methodology is detailed as follows.

(1) Acquire nanoscale-resolution micrographs in backscattered 
electron (BSE) mode using FE-SEM. Select organic matter 
regions for zoomed-in observation and image acquisition 
(Fig. 3(a)).

(2) Apply gray-scale threshold extraction in ImageJ to isolate 
organic matter (Fig. 3(b)) and pore areas within organic 
matter (Fig. 3(c)).

(3) Calculate organic matter surface porosity using Eq. (6).

PS =
Sφ-OM

SOM
× 100% (6) 

where PS is the organic-matter surface porosity, %; Sφ-OM is the 
organic matter pore area, nm2; SOM is the organic matter area, 
nm2.

High-resolution SEM images effectively mitigate the challenge 
of accurately identifying organic micropores. However, due to the 
limited field of view, results from a single SEM image cannot fully 
represent the actual conditions of the sample. Therefore, the 

average organic matter surface porosity from 20 SEM images was 
used to characterize the sample's porosity. For each sample, 20 
non-overlapping FE-SEM images were acquired from organic- 
matter-bearing regions distributed across the polished surface. 
The images used for PS extraction typically had pixel sizes on the 
order of 4–10 nm and field-of-view  widths of approximately 
2–10 μm, depending on the image used. Image locations were 
selected to represent different organic-matter patches within the 
sample, rather than being concentrated on a single pore-rich 
domain. Accordingly, PS in this study is defined  as the surface 
porosity within organic-matter domains, not as a whole-rock areal 
porosity.

Because the Wufeng–Longmaxi Formation in southern Sichuan 
generally corresponds to the high- to post-maturity stage, pub
lished PS data from other Type I–II kerogen-bearing shale forma
tions were incorporated to extend the maturity coverage of the 
dataset. These external datasets were used to constrain the 
generalized empirical shape of the PS–Ro relationship, rather than 
to imply that organic-porosity evolution is strictly formation- 
independent. Accordingly, the fitted curve in Fig. 4 should be 
regarded as a first-order maturity-dependent empirical trend for 
Types I–II organic-rich shales. The compiled dataset suggests that 
PS first increases and then decreases with maturity, displaying an 
overall parabolic trend (Fig. 4). At increasing maturity, organic 
pores are generated as kerogen/bitumen transforms and hydro
carbons are expelled, whereas at very high maturity the organic 
pore system may partially collapse/shrink under sustained high 
effective stress and structural reorganization of organic matter 
(e.g., aromatization/graphitization), and/or be occluded by pyro
bitumen and minor diagenetic infilling,  leading to an apparent 
porosity decrease (Cao et al., 2021; Hou et al., 2019; Yang et al., 
2022, 2025).

Based on the correlation between organic matter surface 
porosity and total organic porosity, surface porosity was converted 
to total organic porosity using Eq. (7) (Chen and Jiang, 2016; Jarvie 
et al., 2007): 

φOM =
PS

100
⋅TOC⋅

ρrock
ρOM

⋅γ (7) 

where ρrock is the shale density (≈2.7 g/cm3); ρOM is the density of 
organic matter in shale (≈1.2 g/cm3); TOC is the total organic 
carbon, %; and γ is the conversion coefficient  between organic 
matter content and TOC content. A central value of γ = 1.2 is 
adopted for point estimates, whereas its uncertainty is propagated 
in Section 3.2.4.

By converting the organic matter surface porosity at varying 
maturity levels to organic porosity, the evolutionary model of 
organic porosity can be established: 

Fig. 3. Methodology for identifying organic matter surface porosity. (a) Original scanning electron microscopy (SEM) image, (b) extracted organic matter area, (c) extracted 
organic matter pore area.
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φOM =

(
− 2:7348Ro

2 + 17:582Ro − 8:2528
)

100
⋅TOC⋅2:7 (8) 

For practical application, the fitted PS–Ro relation is used only 
within the maturity range represented by the compiled dataset. 
Because organic pores are negligible before the onset of hydro
carbon generation, PS is taken as approximately zero for Ro < 0.5%.

3.2.3. Pressure-confined porosity correction
Under the influence of effective stress, reservoir porosity under 

subsurface high-pressure conditions typically differs from 
laboratory-measured core porosity at ambient pressure. To obtain 
accurate porosity values under subsurface high-pressure condi
tions, pressure-confined porosity experiments were conducted to 
calibrate the correction model (Blach et al., 2021; Huang and 
Wang, 2007; Wang et al., 2017; Zhang and Yue, 2021).

The pressure-confined  porosity experiments were performed 
using the PoroPDP-200 pressure-confined  porosity-permeability 
measurement system at Northeast Petroleum University. All test 
samples were collected from the LMX1-1 of the Wufeng–Longmaxi 
Formation in the southern Sichuan Basin (Table 1). Additionally, 
TOC and whole-rock XRD analyses were conducted to investigate 
the factors influencing pressure-confined porosity (Table 1).

The experimental results demonstrate that porosity decreases 
significantly with increasing effective stress, and this variation can 
be effectively characterized by a power function (Eq. (9)) (Fig. 5). 

φσ = α⋅σ− β (9) 

where φσ is the porosity under subsurface high-pressure condi
tions at varying effective stresses, %, hereafter uniformly referred 
to as in situ porosity; σ is the effective stress, MPa; α and β are 
fitting parameters.

The pressure-confined  porosity experiments were conducted 
over an effective-stress range of σ = 4–35 MPa (Fig. 5), which de
fines  the calibration range of Eq. (10). In the burial-history 
reconstruction, effective stress is calculated as σ = σv − PP, where 
σv is the overburden stress estimated from burial depth and PP is 
the formation pressure constrained by the pressure-evolution 
history shown in Fig. 1(c). Under maximum-burial conditions, σ 
may reach approximately 105 MPa in the deepest blocks; there
fore, using Eq. (10) for σ > 35 MPa is an explicit extrapolation and 
should be interpreted as a first-order  estimate with increased 
uncertainty. The calibration results indicate that parameter α ex
hibits a linear positive correlation with conventional porosity 
(Fig. 6(a)). Parameter β shows systematic relationships with TOC 
(Fig. 6(b)) and mineral composition, especially clay and quartz 
contents (Fig. 6(c)). Furthermore, β is positively correlated with the 
TOC-to-clay mineral ratio (Fig. 6(d)). Therefore, β can be expressed 
as a function of TOC and clay mineral content. In summary, based 
on the analysis of pressure-confined porosity experimental data, a 
porosity correction model for Wufeng–Longmaxi Formation shale 
samples in southern Sichuan Basin was established as follows: 

φσ = (1:4264φ − 1:1058)⋅σ
−

(

0:544 TOC
mclay

+0:1007

)

(10) 

Because Eq. (10) is calibrated using a limited dataset (n = 10; 
Table 1), we explicitly report regression uncertainty and stability. 

Fig. 4. Generalized maturity-dependent empirical trend of organic-matter surface 
porosity (PS). The plotted data points are shown directly in the figure  and were 
compiled from the Wufeng–Longmaxi Formation in this study and published Type I–II 
organic-rich shale data from previous studies (Guo et al., 2013, 2017; Yu and Tang, 
2019). The fitted  curve represents a first-order  empirical trend rather than a 
formation-independent universal relationship. For Ro < 0.5%, PS is treated as negligible 
in practical application.

Table 1 
Characteristics of pressure-confined porosity test samples.

Sample TOC, % Porosity, % Mineral composition, %

Quartz Clay Feldspar Calcite Dolomite Pyrite

S1 8.59 6.280 51.3 24.7 8 7 4.7 4.3
S2 5.75 5.866 57.1 23.3 5.5 3.8 8.1 2.2
S3 4.97 4.682 68.2 13.1 2.9 4.2 8.9 2.7
S4 10.15 4.836 39.6 19.2 15.1 10.3 9.8 6.0
S5 1.97 2.544 45.6 17.4 18 7.8 8.9 2.3
S6 4.20 4.486 44.1 28 5.8 13.1 3.8 5.2
S7 6.90 4.244 35.2 35.7 8.3 5.5 5.0 10.3
S8 3.37 3.660 54.4 23.5 5.7 4.5 8.1 3.8
S9 2.76 2.633 59.3 25.5 4.7 2.3 3.2 5.0
S10 1.55 2.653 56.2 9.3 9.8 9.1 10.4 5.2

Fig. 5. Porosity–effective-stress curves of the ten shale samples used for pressure- 
confined porosity calibration.
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Coefficient  uncertainty is evaluated using non-parametric boot
strap resampling (5000 resamples), and predictive stability is 
assessed using leave-one-out cross-validation; results are sum
marized in Supplementary Table S2. The recommended applica
tion domain in terms of sample properties is restricted to the 
calibration ranges (TOC = 1.55%–10.15%; φ = 2.544%–6.28%; 
mclay = 9.3%–35.7%). In the burial-history application, σ may reach 
~105 MPa, exceeding the experimental σ range (4–35 MPa); 
therefore, predictions at σ > 35 MPa are extrapolated and are 
interpreted with increased uncertainty, which is propagated from 
the regression uncertainty reported in Supplementary Table S2.

3.2.4. Uncertainty assessment and reporting
Uncertainty arises from five  main steps in the workflow: (1) 

intercept estimation from porosity–TOC regressions, (2) 
compaction-model fitting, (3) SEM/ImageJ-based PS extraction and 
conversion to organic porosity, (4) effective-stress correction using 
Eqs. (9) and (10), and (5) burial/pressure reconstruction used to 
calculate σ through time. For regression-based components, 
parameter uncertainty is quantified by non-parametric bootstrap 
resampling and reported as 95% confidence  intervals 
(Supplementary Table S1 for intercept-derived inorganic porosity; 
Supplementary Table S2 for the stress-correction regressions). For 
Monte Carlo propagation, the intercept-derived inorganic-porosity 
uncertainty was approximated as SD_inorg = 0.20 porosity per
centage points based on Supplementary Table S1.

For PS, more than half of the compiled data are taken from 
published studies lacking replicate-image statistics. The replicate 

SEM/ImageJ results from a representative sample analyzed in this 
study (n = 20 images; mean (PS) = 18.65%, SD (PS) = 2.82%, 
CV ≈ 15%) are therefore used only to characterize within-sample 
image variability, whereas an additional broader uncertainty 
term corresponding to CV = 25% is assigned in the Monte Carlo 
analysis to account for between-sample and inter-study variability 
in literature-derived PS values.

The Monte Carlo propagation also treats γ in Eq. (7) as uncer
tain, using γ = 1.2 as the central value and sampling over 1.10–1.35. 
In addition, because α in Eq. (10) is estimated from conventional 
porosity (Fig. 6(a)), laboratory porosity uncertainty is propagated 
through the correction chain and approximated as Uniform 
(− 0.2, +0.2) porosity units based on instrument repeatability.

All uncertainties are propagated to key outputs by Monte Carlo 
sampling, and the results are reported as point estimates, medians, 
and 95% prediction intervals (PI) in Supplementary Table S3.

4. Organic–inorganic porosity evolution of 
Wufeng–Longmaxi shale gas reservoirs

Based on the burial and thermal histories of the Luzhou, 
Changning, Weiyuan, and Western Chongqing blocks in the 
southern Sichuan Basin, a quantitative model of coupled 
organic–inorganic porosity evolution was established. Using burial 
and thermal histories together with the inorganic- and organic- 
porosity models, total porosity was reconstructed, and pressure- 
confined  porosity experiments were used to restore in situ 
porosity (Fig. 7). The evolutionary features are summarized as 

Fig. 6. Relationships between parameters of the pressure-confined porosity model and reservoir characteristics. (a) Relationship between conventional porosity and parameter α, 
(b) relationship between parameter β and TOC, (c) relationships between parameter β and clay and quartz contents, (d) relationship between parameter β and the ratio of TOC to 
clay mineral content (TOC/mclay).
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follows (all block-specific porosity values reported below are point 
estimates; the associated uncertainty bounds, including medians 
and 95% prediction intervals, are summarized in Supplementary 
Table S3).

(1) Rapid compaction stage:
Organic pores had not yet developed, and total porosity 

was therefore identical to inorganic porosity. Inorganic 
porosity decreased rapidly with increasing burial depth 
(initially ~50%), dropping to ~25% in the Luzhou, Changning, 
and Weiyuan blocks and to ~28% in the Western Chongqing 
block, indicating strong mechanical compaction under 
increasing effective stress. After pressure-confined porosity 
correction, in situ porosity declined markedly to 12.13% 
(Luzhou), 15.97% (Changning), 17.00% (Weiyuan), and 17.02% 
(Western Chongqing), consistent with effective-stress- 
controlled closure of compaction-sensitive inorganic pores. 
Minor deviations (e.g., a slight rebound in Weiyuan) 

correspond to short-term tectonic adjustments, but the 
first-order trend is compaction-dominated.

(2) Compaction and hydrocarbon generation stage:
Organic matter entered the hydrocarbon generation 

window and organic pores gradually formed. The Luzhou, 
Changning, and Western Chongqing blocks entered the 
hydrocarbon-generation window earlier than the Weiyuan 
block, because they experienced earlier deep burial, 
whereas the Weiyuan Block reached the threshold later 
owing to its slower initial subsidence and delayed burial. 
However, the Luzhou, Changning, and Western Chongqing 
blocks underwent an early regional uplift lasting approxi
mately 150 Myr, which interrupted continuous subsidence; 
consequently, organic porosity increased only slightly dur
ing the early part of this phase. In contrast, the Weiyuan 
Block reached the hydrocarbon-generation threshold after 
this uplift episode and therefore did not show the same 
early gradual increase. Following renewed subsidence, 

Fig. 7. Porosity evolution through geological time in four shale-gas blocks and the three-stage evolution framework. (a) Inorganic porosity, (b) organic porosity, (c) total porosity, 
(d) in situ porosity versus time (Ma). Curves denote the Luzhou, Changning, Weiyuan, and Western Chongqing blocks, respectively. The three evolutionary phases discussed in the 
text are annotated by the colored ribbons at the top of each panel for each block (same hue as the corresponding curve): light, medium, and dark shades indicate Stage (1) (rapid 
compaction), Stage (2) (compaction coupled with hydrocarbon generation), and Stage (3) (tectonic uplift/unloading).
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organic pores developed rapidly in all four blocks. The 
maximum reconstructed organic porosity along the burial 
path reached 1.79% in Luzhou, 1.54% in Changning, 1.71% in 
Weiyuan, and 1.70% in Western Chongqing. For the Luzhou 
block, the organic porosity at final  maximum burial was 
1.76%, only slightly lower than the path maximum of 1.79%. 
This very small difference indicates that the peak organic- 
porosity development in Luzhou occurred very close to the 
maximum-burial stage. Although Luzhou reached the 
highest maturity at maximum burial (Ro = 3.51%), the 
generalized PS–Ro trend in Fig. 4 suggests that organic-pore 
development may peak near the turning point of the curve 
and then weaken only slightly at the highest over-mature 
stage. Meanwhile, inorganic porosity continued to decline 
with burial depth and reached minima of 2.63% (Luzhou), 
3.43% (Changning), 4.05% (Weiyuan), and 2.47% (Western 
Chongqing) at maximum burial. Because the rate of organic- 
pore creation was slower than the compaction-driven loss of 
inorganic porosity, total porosity decreased continuously; 
the final total porosity at maximum burial is 4.39% (median 
4.42%, 95% PI: 3.84%–5.00%) for Luzhou, 4.98% (median 
5.00%, 95% PI: 4.55%–5.48%) for Changning, 5.76% (median 
5.81%, 95% PI: 5.31%–6.28%) for Weiyuan, and 4.16% (median 
4.19%, 95% PI: 3.71%–4.71%) for Western Chongqing. These 
trajectories indicate that mechanical compaction remains 
the dominant control on total-porosity evolution, whereas 
organic porosity provides a secondary contribution once 
hydrocarbon generation starts.

After pressure-confined  porosity correction, in situ 
porosity generally decreased, but distinct fluctuations 
occurred when rapid hydrocarbon generation (Ro increasing 
from ~1% to ~2%) coincided with the development of 
abnormal formation pressure. Such pressure build-up 
temporarily reduced effective stress and produced staged 
increases in the Luzhou and Weiyuan blocks (250–150 Ma), 
and a similar pattern in the Western Chongqing Block 
(120–105 Ma), even though inorganic porosity continued to 
decline. With progressive burial, in situ porosity ultimately 
stabilized at low values of 2.44% (Luzhou), 2.98% (Changning), 
3.78% (Weiyuan), and 2.34% (Western Chongqing).

(3) Uplift stage:
During the uplift stage, thermal maturity ceased to in

crease, and inorganic, organic, and total porosity remained 
nearly constant. By contrast, in situ porosity evolved in a 
block-dependent manner, reflecting  the competition be
tween overburden unloading and formation-pressure 
dissipation, i.e., the effective-stress trajectory. The Luzhou 
Block shows a modest rebound from 2.44% at ~80 Ma to 
2.79% at present, indicating that unloading only slightly 
exceeded pressure loss. The Changning Block exhibits the 
strongest rebound and the most pronounced fluctuations, 
ultimately reaching 3.65%, consistent with a large uplift 
amplitude combined with relatively limited pressure dissi
pation. In the Weiyuan block, in situ porosity decreases 
slightly during early uplift and then rebounds rapidly to 
4.17%, suggesting an initial stage of faster pressure decline 
followed by accelerated uplift/unloading. By contrast, the 
Western Chongqing Block shows only a minor rebound from 
2.34% to 2.49%, implying faster pressure dissipation and/or 
weaker unloading effects. At present day, the restored in situ 
porosity is 2.79% for Luzhou (median 2.79%, 95% PI: 
1.97%–3.85%), 3.65% for Changning (median 3.63%, 95% PI: 
2.64%–4.92%), 4.17% for Weiyuan (median 4.16%, 95% PI: 
3.02%–5.68%), and 2.49% for Western Chongqing (median 
2.48%, 95% PI: 1.70%–3.55%).

Although the 95% prediction intervals of present-day in situ 
porosity are relatively broad and partly overlap, the point es
timates and medians preserve the same first-order ranking, 
indicating that inter-block differences remain interpretable at 
the trend level. Consistent with this pattern, the overall dif
ferential evolution among blocks can be summarized as fol
lows: (1) at maximum burial, inorganic porosity (and thus total 
porosity) is negatively correlated with burial depth and follows 
the same ranking, i.e., Weiyuan > Changning > Luzhou > 
Western Chongqing; (2) organic porosity primarily tracks TOC 
and varies within a narrow range because the four blocks share 
a relatively close maturity interval (Ro ≈ 2.5%–3.5%), with 
limited incremental maturity effects beyond Ro ≈ 2.5% (Fig. 4); 
and (3) the late-stage rebound of in situ porosity is controlled 
by uplift magnitude/rate and the preservation or dissipation of 
abnormal pressure.

5. Discussion

5.1. Multi-scale conceptual model and synthesis of inter-block 
differences

The reconstructed porosity histories of the four blocks show a 
consistent three-stage framework but distinct block-level differ
ences (Fig. 7). To generalize these differential behaviors, we pre
sent a comprehensive conceptual, multi-scale model (Fig. 8). At 
the pore scale, inorganic porosity is primarily reduced by me
chanical compaction and stress-sensitive pore closure, whereas 
organic porosity is generated during thermal maturation and hy
drocarbon generation. At the core/laboratory scale, FE-SEM/ImageJ 
quantifies organic-matter surface porosity and pressure-confined 
experiments constrain the effective-stress dependence of 
porosity. At the basin/structural scale, burial depth and the 
effective-stress trajectory (controlled by subsidence/uplift and 
abnormal-pressure generation and dissipation) determine the 
timing and magnitude of porosity loss, preservation, and rebound. 
Differences among blocks can therefore be understood as different 
combinations of (1) maximum burial depth, (2) pressure preser
vation versus dissipation, and (3) uplift magnitude and rate, 
superimposed on broadly similar maturity ranges.

Although chemical diagenesis (dissolution/precipitation) is 
included in the conceptual framework (Fig. 8), our quantitative 
implementation treats the net chemical modification of inorganic 
pore volume as a second-order term for the targeted LMX1-1. This 
simplification  is intended for compaction-dominated, relatively 
closed-system marine shales in which pervasive cementation/ 
dissolution is not evident at the studied scale. We therefore 
emphasize that the framework may require explicit chemical 
terms when applied to intervals characterized by strong fluid-rock 
interaction, extensive carbonate/silica cementation, or 
dissolution-driven secondary porosity.

(1) Effective-stress history (burial depth × overpressure pres
ervation) as the first-order control. Mechanical compaction 
continuously reduces inorganic porosity during subsidence, 
and the magnitude of this reduction scales with maximum 
burial depth. Overpressure generated during intense hy
drocarbon generation can partly counteract increasing 
overburden stress by lowering effective stress, producing 
staged in situ porosity fluctuations (Fig. 7(d)). In the study 
area, effective stress remained above ~30 MPa during most 
geological periods, even under elevated abnormal pressure, 
which explains the overall limited amplitude of within- 
block porosity variation.
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(2) Organic matter abundance and the onset of hydrocarbon 
generation as the primary trigger for organic-pore devel
opment. Organic porosity initiates when maturity enters the 
hydrocarbon generation window and increases rapidly 
during strong hydrocarbon generation. However, for the 
maturity range of most blocks (Ro ≈ 2.5%–3.5%), organic- 
porosity growth becomes less sensitive to additional Ro in
crease, making TOC the dominant control on inter-block 
differences. At very high maturity (Ro > ~3.5%), organic 
porosity may decrease due to pore shrinkage/collapse and/ 
or occlusion, which reconciles the observation that the most 
mature block does not necessarily have the highest organic 
porosity.

(3) Mineral composition, framework/fabric, and compaction 
resistance at the core scale. Clay mineral content influences 
the initial inorganic pore inventory through clay interlayer 
pores, whereas the quartz-clay framework and fabric con
trol compaction sensitivity. A more rigid framework can 
slow compaction-driven pore loss, while lower clay content 
decreases the clay-related inorganic pore contribution and 
can increase the relative proportion of organic pores.

(4) Uplift timing/rate and pressure dissipation as the trigger for 
late-stage in situ porosity rebound. Uplift reduces 

overburden stress and can increase restored in situ porosity, 
but the net rebound depends on whether formation pressure 
is preserved or dissipates rapidly. Blocks characterized by 
larger uplift amplitude/rate and relatively limited pressure 
dissipation (e.g., Changning) exhibit stronger rebound, 
whereas rapid pressure dissipation limits rebound even un
der comparable uplift magnitude (e.g., Western Chongqing).

From a reservoir-quality perspective, blocks characterized by 
shallower maximum burial and relatively limited pressure dissi
pation are more favorable for preserving inorganic pores and 
enhancing the late-stage rebound of in situ porosity. Therefore, 
integrating burial depth, pressure-preservation indicators, and 
TOC provides a practical basis for predicting high-quality shale 
reservoirs within over-mature marine systems.

Overall, the observed inter-block divergence can be captured by 
the proposed multi-scale framework: total-porosity differences 
are dominated by compaction-controlled inorganic porosity gov
erned by effective-stress history, while organic porosity provides a 
secondary TOC-controlled contribution after the hydrocarbon- 
generation trigger. This interpretation provides a predictive basis 
for assessing reservoir quality and porosity preservation in deep to 
over-mature marine shales.

Fig. 8. Conceptual model for differential porosity evolution of the Wufeng–Longmaxi shales in southern Sichuan Basin. (a) Multi-scale framework showing the coupled controls of 
pore-scale processes, rock properties, and burial-pressure evolution on porosity development; (b) phase-based schematic illustrating the three-stage evolution of inorganic, 
organic, total, and in situ porosity.
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5.2. Comparison with previous studies and implications for 
reservoir quality

The reconstructed porosity evolution of the four key blocks in 
southern Sichuan indicates that final  total porosity ranges from 
4.16% to 5.76%, with an average of 4.82%, whereas organic porosity 
accounts for 29.63%–40.74%, with an average of 35.37% (Table 2). 
Compared with previous studies, the total porosity reported here 
is lower, whereas the proportion of organic porosity is higher. In 
addition to the exclusion of dissolution pores, the relatively low 
clay mineral content in the samples may explain this discrepancy. 
The samples analyzed in this study, taken from the LMX1-1, 
generally contain less clay than the overall Wufeng–Longmaxi 
Formation. Clay interlayer pores represent an important compo
nent of the inorganic pore system, and their reduction decreases 
total porosity while increasing the proportion of organic pores. For 
example, Guo et al. (2013) showed that when clay content is <40%, 
total porosity declines significantly  while the proportion of 
organic pores increases. Similarly, Wang et al. (2014) reported that 
as clay content decreased from 46%–62% to 8%–29.1%, total 
porosity dropped from 6.4%–8.2% to 3.4%–5.7%, whereas organic 
porosity rose from 10%–17.7% to 20%–35.6%.

The inter-block divergence observed in this study indicates that 
final  total porosity is dominated by the inorganic component, 
because compaction-driven inorganic pore loss scales with 
maximum burial depth, whereas differences in organic porosity 
are relatively small. Organic porosity among the four blocks is 
mainly controlled by TOC, but varies within a narrow range 
because all blocks fall within a similar over-mature interval 
(Ro ≈ 2.5%–3.5%). Consistent with the organic-porosity evolution 
model (Fig. 4), once Ro reaches about 2.5%, further maturity in
crease has only a limited incremental effect on organic pore 
development, and organic porosity may decrease slightly at the 
highest over-mature stage. This is particularly evident in the 
Luzhou block, where the maximum reconstructed organic porosity 
along the burial path is 1.79%, whereas the value at final maximum 
burial is 1.76%, indicating only a negligible reduction at the highest 
maturity. Therefore, the final  total porosity largely mirrors the 
inorganic-porosity ranking, while the block-dependent rebound of 
in situ porosity during uplift reflects differences in uplift ampli
tude/rate and abnormal-pressure preservation. It should also be 
noted that part of the discrepancy between this study and previous 
studies may reflect methodological differences, because the 

present study and the previous studies summarized in Table 2
used different analytical workflows to partition inorganic and 
organic porosity.

5.3. Limitations of evolutionary models

Despite the development of a porosity evolution model, several 
limitations remain.

(1) Chemical diagenesis of inorganic pores (applicability 
boundary). Our conceptual framework acknowledges that 
inorganic porosity may be modified by mineral dissolution 
and precipitation. However, these chemical terms were not 
explicitly parameterized in the quantitative reconstruction 
for the LMX1-1. This is because the Wufeng–Longmaxi 
depositional system is generally considered relatively 
closed, with limited large-scale fluid  exchange, and the 
studied interval contains relatively little clay, reducing the 
likelihood that clay-related chemical transformation domi
nates the inorganic pore budget. Accordingly, the present 
implementation focuses on compaction-driven pore loss 
and treats the net chemical contribution (Δφchem =

Δφdissolved − φprecipitated) as a second-order effect. Repre
sentative FE-SEM observations from the studied interval do 
not show pervasive pore-filling silica/quartz cement at the 
examined scale, although local silica redistribution cannot 
be ruled out.

Using the inorganic porosity at maximum burial obtained in 
this study (Weiyuan 4.05%, Changning 3.43%, Luzhou 2.63%, and 
Western Chongqing 2.47%), adding a uniform net chemical 
contribution to all blocks would not change the inter-block 
ranking. To alter the ranking, differential chemical contributions 
would have to exceed the observed separations, for example, φchem 
(Western Chongqing) − Δφchem (Luzhou) > 0.16%, φchem 
(Changning) − φchem (Weiyuan) > 0.62%, φchem (Luzhou) − Δφchem 
(Changning) > 0.80%. Given the broadly similar lithologic charac
teristics of the targeted interval and the limited fluid  exchange, 
such pronounced differential chemical effects are considered un
likely. Therefore, the first-order  conclusions, namely that 
compaction-driven inorganic pore loss dominates total-porosity 
differences and controls the inter-block trends, remain robust for 
the study area.

Nevertheless, this simplification  defines  an explicit applica
bility boundary: for shale reservoirs that have undergone intense 
chemical alteration (e.g., pervasive cementation, dissolution- 
driven secondary porosity, or strong open-system fluid  flow), 
chemical diagenesis should be incorporated explicitly rather than 
treated as second-order. In addition, because Eq. (4) adopts an 
Athy-type exponential form, it should be regarded as a locally 
calibrated first-order  compaction approximation for the LMX1 
interval; shale intervals with markedly different lithofacies or 
stronger framework cementation may require alternative 
compaction formulations or recalibration.

(2) TOC–porosity intercept method (applicability boundary). 
The TOC–porosity intercept method provides a first-order 
estimate of inorganic porosity only for datasets in which 
TOC is the dominant control on porosity variation. Although 
objective screening criteria were applied, residual di
agnostics against all potentially covarying factors could not 
be fully performed because complete mineralogical infor
mation is not available for all individual samples included in 
the screened well/interval datasets. Therefore, the method 
is most appropriate for intervals showing a clear positive 

Table 2 
Comparison of porosity characteristics.

Source of 
data

Well or 
Area

TOC, 
%

Total 
porosity, 
%

Organic 
porosity 
percentage, 
%

This study Luzhou Block 
(Well D201)

3.29 4.39 40.11

Changning Block 
(Well N201)

2.88 4.98 30.98

Weiyuan Block 
(Well W202)

3.21 5.76 29.63

Western Chongqing 
Block (Well Z202)

3.16 4.16 40.74

Average 3.14 4.82 35.37
Wang et al. 

(2014)
Well CX 1 4.0 5.4 24.9

Wang et al. 
(2015b)

Well JY 1 2.6 4.6 23.91
Well JY 4 2.9 4.6 28.26

Guo et al. 
(2013)

Sichuan Basin 3.3 5.3 24.6
Well CX1 & 
Well N201

3.3 5.88 34.2

Well W201 2.7 5.46 12.8
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TOC–porosity relationship and should be applied with 
caution where burial depth, mineral composition, or for
mation pressure may exert strong additional controls.

(3) Limited resolution of FE-SEM for organic pores. The surface 
area of organic pores may be underestimated because of the 
limited resolution of electron microscopy. Micropores 
smaller than 4 nm cannot be reliably detected with con
ventional imaging, leading to potential underestimation of 
organic pore contributions. A correction method based on 
gas adsorption has been proposed to account for these pores 
(Cai et al., 2020), but it has not yet been widely applied. In 
addition, the PS–Ro trend in Fig. 4 was compiled from the 
Wufeng–Longmaxi Formation together with published Type 
I–II organic-rich shale datasets from other formations to 
extend the maturity range. Therefore, Eq. (8) should be 
interpreted as a first-order  empirical trend rather than a 
formation-independent universal law. Formation-specific 
depositional environment, kerogen type, and diagenetic 
history may introduce systematic uncertainty, particularly 
at the low- and high-maturity ends where Wufeng– 
Longmaxi data are sparse.

(4) The pressure-confined  porosity correction also has limita
tions arising from experimental constraints. The laboratory 
tests simulated only overburden stress, without replicating 
the full complexity of in situ stress or thermal variations. As 
a result, the modeled evolution of restored in situ porosity 
may contain inaccuracies. Moreover, abnormal formation 
pressure data were taken from published literature rather 
than the specific  shale gas wells studied, introducing po
tential discrepancies. In addition, Eq. (10) was calibrated 
from loading-path experiments under increasing effective 
stress, whereas uplift-stage porosity evolution follows an 
unloading path. Because shale pore recovery during 
unloading may be smaller owing to irreversible compaction, 
inelastic pore collapse, and hysteretic behavior, the modeled 
uplift-stage rebound of in situ porosity should be regarded 
as a first-order estimate and may slightly overestimate the 
true porosity recovery. However, because overburden stress 
in the study area consistently exceeds abnormal formation 
pressure (effective stress >30 MPa), such discrepancies are 
unlikely to alter the overall trend of porosity evolution, 
although they may affect the absolute porosity values.

6. Conclusions

For shale reservoirs in which organic matter contributes 
significantly  to total porosity, inorganic porosity was quantified 
using the TOC–porosity intercept method. Considering variations 
in inorganic porosity and ancient burial depth across different 
shale gas wells, an evolution model of inorganic porosity in the 
Wufeng–Longmaxi shale gas reservoirs was constructed by inte
grating the compaction model. The organic-porosity evolution 
model was developed from the relationship between organic- 
matter surface porosity and maturity, based on ImageJ analysis 
of FE-SEM images. A pressure-confined porosity correction model 
was further established from the observed porosity–effective- 
stress relationships. Finally, by integrating burial history, organic- 
matter hydrocarbon-generation history, and formation-pressure 
evolution, the geological evolution of inorganic, organic, total, 
and in situ porosity in the Wufeng–Longmaxi shale reservoirs was 
reconstructed for four blocks: Luzhou, Changning, Weiyuan, and 
Western Chongqing.

During the rapid compaction stage and the subsequent 
compaction and hydrocarbon generation stage, inorganic porosity 
and total porosity in the four blocks decreased from ~50% to 

2.47%–4.05% and 4.16%–5.76%, respectively, with increasing burial 
depth. Organic porosity first appeared during the compaction and 
hydrocarbon generation stage and increased with maturity to a 
maximum reconstructed value of 1.54%–1.79%. In the Luzhou 
block, organic porosity reached a path maximum of 1.79%, but was 
1.76% at final  maximum burial, suggesting only a very slight 
weakening of organic-pore development at the highest over- 
mature stage. In the uplift stage, inorganic, organic, and total 
porosity remained stable. After pressure-confined  porosity 
correction, the in situ porosity at the end of the rapid compaction 
stage decreased to 12.13%–17.02%. During the compaction and 
hydrocarbon generation stage, the in situ porosity of the 
Changning Block continued to decrease to 2.98%. In contrast, the 
Luzhou, Weiyuan, and Western Chongqing blocks showed stage
wise increases but ultimately stabilized at 2.44% (Luzhou), 3.78% 
(Weiyuan), and 2.34% (Western Chongqing), respectively. During 
the uplift stage, restored in situ porosity rebounded to 
2.49%–4.17%, while preserving a first-order  inter-block trend 
among the four blocks.

Inter-block comparisons indicate that inorganic porosity is 
highest in Weiyuan and lowest in Western Chongqing, showing a 
negative correlation with maximum burial depth. The Luzhou 
block, which has the highest TOC, shows the highest reconstructed 
peak organic porosity, whereas Changning shows the lowest. 
However, this peak value should be understood as the maximum 
reached along the burial-maturation path, rather than necessarily 
the value attained exactly at the final maximum-burial maturity, 
because organic-pore development may weaken slightly at the 
highest over-mature stage. Because TOC and maturity differ only 
slightly among the four blocks, and organic porosity is relatively 
insensitive to maturity within Ro ≈ 2.5%–3.5%, the contribution of 
organic pores to total-porosity divergence is smaller than that of 
inorganic pores. Accordingly, the final  total porosity largely mir
rors the inorganic-porosity ranking. The proposed conceptual 
multi-scale model highlights effective-stress history as the first- 
order control and provides a framework for predicting porosity 
preservation and reservoir quality in deep marine shales.
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